The influence of wettability and carbon dioxide injection on hydrocarbon recovery by Al Sayari, Saif S & Al Sayari, Saif S
   
 
 
 
 
 
 
 
 
The Influence of Wettability and 
Carbon Dioxide Injection on 
Hydrocarbon Recovery 
 
 
 
by 
Saif S. Al Sayari 
Department of Earth Science and Engineering 
Imperial College London 
London SW7 2AZ, UK 
 
 
 
A dissertation submitted in fulfilment of the 
requirements for the degree of Doctor of Philosophy of 
Imperial College London 
 
 
September, 2009 
1  
Declaration 
I declare that this thesis 
 
 
The Influence of Wettability and Carbon Dioxide Injection on Hydrocarbon 
Recovery 
 
is entirely my own research under the supervision of Prof. Martin J. Blunt.  The 
research was carried out in the Department of Earth Science and Engineering at 
Imperial College London.  All published and unpublished material used in this thesis 
has been given full acknowledgement.  None of this work has been previously 
submitted to this or any other academic institution for a degree or diploma, or any 
other qualification. 
 
Saif S. Al Sayari 
PhD student 
Department of Earth Science and Engineering 
Imperial College London 
 
2  
Abstract 
This study can be divided into two sections. First, a detailed study of petrophysical 
properties and the impact of wettability is performed on cores from a producing 
heterogeneous carbonate reservoir from the Middle East. Second, a comparison 
between different injection schemes (waterflooding, gas injection, WAG and CO2 
injection) for enhanced oil recovery is made for another giant carbonate reservoir in 
the Middle East. 
 
Knowledge of the wettability of a reservoir rock and its influence on petrophysical 
properties is a key factor for determining oil recovery mechanisms and making 
estimates of recovery efficiency. A full suite of experiments on well-characterised 
systems, including sandpacks, sandstones and carbonate cores, was performed to 
measure capillary pressure, relative permeability, NMR response and resistivity 
index. Cores aged in crude oil, with different wettability were studied. 
 
As a preliminary step to investigate the effect of wettability on heterogeneous 
carbonates from the Middle East, sandpack and sandstone samples were first tested 
because: 1) these samples are known to be quite homogeneous and of a wettability 
that can be controlled; 2) To test our experimental methods; and 3) to serve as a 
dataset for modelling studies. 
 
First, the static (porosity and permeability) and dynamic (initial water saturation and 
residual oil saturation) properties of Leavenseat (LV60) and Ottawa (F-42) sandpacks 
were measured. The formation factor and NMR response for these sandpacks were 
also determined. These experimental measurements have served as a benchmark for 
pore-modelling studies that have reproduced the experimental data. 
 
Fontainebleau sandstones have also been used as a benchmark in the industry 
because of its relatively simple pore structure. Mercury injection capillary pressure 
(MICP) measurements were performed on this sandstone. The MICP experimental 
measurements showed very low pore volume values, indicating very tight 
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(consolidated) samples. These samples had a diameter of less than 0.02 m which 
made the experiments quite difficult.  
 
Once we had confidence in the experimental methodology, five carbonate samples 
from a typical Middle East reservoir were imaged and cleaned in order to render 
them more water wet. Conventional and special core analyses were performed on all 
the samples. The pore throat distribution from capillary pressure was successfully 
compared with the pore size distribution inferred from the NMR T2 relaxation curve. 
Formation resistivity factor and the formation resistivity index were also measured. 
Capillary pressure and relative permeability curves were measured using refined oil 
and synthetic formation brine. Then the samples were aged in crude oil from the 
same field at elevated temperature (120oC) and underwent the same experiments to 
evaluate the influence of wettability changes on these properties. 
 
The experimental data show that there is a significant difference in the relative 
permeability and capillary pressure of the cleaned and aged samples; the results are 
explained in terms of the pore-scale configurations of fluids. In contrast, electrical 
resistivity did not encounter significant changes for different wettability, suggesting 
that electrical properties in these carbonates are mainly affected by the porosity that 
remains water-wet, or is only neutrally-wet. This conclusion is supported by the 
significant displacement that is observed in the aged sample at capillary pressures 
close to zero. 
 
We show that wettability, imbibition capillary pressure and relative permeability 
have major impact on the waterflood sweep efficiency and hence on the distribution 
of remaining oil saturation. An incorrect understanding of the distribution of 
remaining oil saturation may lead to ineffective reservoir management and IOR/EOR 
decisions. 
 
The second part of this thesis is to assess the efficacy of CO2 injection into carbonate 
oil fields. The reservoir under study is a layered system. The reservoir consists of two 
main units, i.e. a lower zone of generally low permeability layers and an upper zone 
of high permeability layers inter-bedded with low permeability layers; the average 
permeability of the upper zone is some 10-100 times higher than that of the Lower 
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zone. Under waterflooding, the injected water tends to flow through the upper zone 
along the high permeability layers and no or very slow cross flow of water into the 
lower zone occurs, resulting in very poor sweep of the lower zone. There is 
significant scope for improving oil recovery from such type of heterogeneous mixed-
wet carbonate reservoirs. The apparent impediment to water invading the bottom 
strata prompts suggests that a miscible fluid could be Injected into the lower zone. 
 
We conducted a series of core-flood experiments to compare the performance of 
different displacement process: waterflooding, hydrocarbon gas flooding and water-
alternate gas (WAG) and compared them with CO2 injection. We show that the local 
displacement efficiency for CO2 flooding is approximately 97% - much higher than 
that obtained from waterflooding or hydrocarbon gas injection, due to the 
development of miscibility between CO2 and the oil. We use the results to discuss 
the potential of CO2 injection for storage and enhanced oil recovery in the Middle 
East carbonate reservoir discussed above, and proposes further research to develop 
a fuller understanding of the subsurface behavior of CO2. 
 
5  
Acknowledgements 
 
I would like to express my utmost gratitude to GOD almighty, who has been my help 
in ages past and my hope in years to come. My sincere gratitude also goes to my 
supervisor, Professor Martin. J. Blunt, who has always been a source of inspiration 
for me, I consider myself privileged to be one of his research students. Words are 
inadequate to show my appreciation for his support, guidance and encouragement 
during this work.  
 
A special mention with sincere gratefulness goes to Dr. Stefan Iglauer, Christopher 
Pentland and Graham Nash for their continuous and invaluable suggestions, 
interesting discussions, support, comments, help and having the team spirit 
throughout my work.   
 
I feel fortunate to have made so many good friends during my time here.  I wish to 
thank them all, too many to name, but here are a few: Dr. Saleh Almansoori (UAE), 
Faisal Al-Qahtani (Saudi), Nasser Al-Hajeri (Kuwait), Abdul Sallam Al-Rabaani (Oman), 
Abdulkareem Al-Sofi (Aramco), Dr. Nabil Bulushi (PDO), Abdulrahman Al basman 
(KOC), Mohammed Jaafar, Nasiru Idowu, Dr. Mariela Araujo, Dr. Carlos Grattoni, Dr. 
Branko Bijeljic, Dr. Hu Dong, Dr. Moshood Sanni, and Dr. Ran Qi. 
 
My gratitude also goes to ADNOC (Abu Dhabi National Oil Company) for sponsoring 
my PhD study through the Faculty of the Scholarship Programme. 
 
 
6  
List of publications 
AlSayari, S., Dernaika, M., and M. J. Blunt, The Influence of Wettability on 
Petrophysical Properties. Proceedings of the International Symposium of the Society 
of Core Analysts held in Netherlands, SCA-A84, September, 2009. 
 
AlSayari, S. and M.J. Blunt. CO2 injection in carbonates for enhanced oil recovery and 
geological storage. Proceedings of the Improved Oil Recovery Symposium, Tulsa, 
Oklahoma, USA. 24–28 April 2010. 
 
AlSayari, S. and Blunt, M. J. The injection of CO2 in carbonates for enhanced oil 
recovery. Proceedings of the World Future Energy Summit held in Abu Dhabi, UAE. 
January, 2009. 
 
AlSayari, S. and M. J. Blunt, Optimum Enhanced oil recovery techniques in tight 
carbonate formations. Proceeding of The 1st Annual Symposium of Tight Reservoir E 
& P Technologies, China. October 2009. 
 
Talabi, O., AlSayari, S. and M. J. Blunt, Pore-scale network simulation of NMR 
response in two-phase flow. Journal of Petroleum Science and Engineering, 2009. 67 
(3-4), 168–178. 
 
Talabi, O., AlSayari, S., Blunt, M. J., Dong, H. and X. Zhao, Predictive Pore-Scale 
Modelling: From Three-Dimensional Images to Multiphase Flow Simulations. 
Proceedings of the 2008 SPE Annual Technical Conference and Exhibition, SPE 
115535, Denver, Colorado, USA, 21-24 September, 2008. 
 
Talabi, O., AlSayari, S., Fernø, M. A., Riskedal, H., Graue, A. and M. J. Blunt, Pore-
scale simulation of NMR response in carbonates. International Symposium of the 
Society of Core Analysts, Abu Dhabi, UAE, 29 October-2 November, 2008. 
 
Gittins, P. Al Mansouri, S. Iglauer, S. Pentland, C. Al Sayari, S. Blunt, M. J. Non-
wetting phase residual saturation in sand packs, submitted to AAPG Bulletin 2009. 
7  
Contents 
Declaration ------------------------------------------------------------------------------------------1 
Abstract ------------------------------------------------------------------------------------------2 
Acknowledgements -----------------------------------------------------------------------------------5 
List of publications ------------------------------------------------------------------------------------6 
Contents ------------------------------------------------------------------------------------------7 
List of Tables ---------------------------------------------------------------------------------------- 11 
List of Figures ---------------------------------------------------------------------------------------- 13 
Chapter 1 Introduction------------------------------------------------------------------------ 20 
Chapter 2 Literature review: Fundamentals of flow through porous media---- 24 
2.1 Interaction between fluids and rocks ----------------------------------------------------------- 24 
2.2 Wettability and contact angle --------------------------------------------------------------------- 24 
2.3 Capillary pressure ------------------------------------------------------------------------------------- 26 
2.3.1 Basic concept ------------------------------------------------------------------------------------------- 26 
2.3.2 Capillary pressure as a function of saturation ------------------------------------------------- 26 
2.4 Permeability in multiphase flow------------------------------------------------------------------ 28 
2.4.1 Permeability--------------------------------------------------------------------------------------------- 28 
2.4.2 Relative permeability --------------------------------------------------------------------------------- 28 
2.4.3 Relative permeability measurement methods------------------------------------------------- 29 
2.4.4 Importance of relative permeability curves ---------------------------------------------------- 30 
2.5 Electrical resistivity ----------------------------------------------------------------------------------- 30 
2.6 Nuclear magnetic resonance----------------------------------------------------------------------- 32 
2.6.1 Basic theory --------------------------------------------------------------------------------------------- 32 
2.6.2 Petrophysical applications of NMR --------------------------------------------------------------- 32 
2.6.3 NMR as a tool for wettability determination--------------------------------------------------- 32 
Chapter 3 Literature review ----------------------------------------------------------------- 34 
3.1 Wettability and its influence on petrophysical properties-------------------------------- 34 
8  
3.1.1 Wettability of rocks ----------------------------------------------------------------------------------- 34 
3.1.2 Types of wettability ----------------------------------------------------------------------------------- 35 
3.1.3 Wettability measurement --------------------------------------------------------------------------- 36 
3.1.4 The importance and influence of wettability on petrophysical parameters----------- 40 
3.1.5 Pore-scale modelling---------------------------------------------------------------------------------- 47 
3.1.6 Micro-CT scanning ------------------------------------------------------------------------------------- 48 
3.2 CO2 injection in oil reservoirs for EOR and geological storage--------------------------- 49 
3.2.1 The efficacy of CO2 injection for oil reservoirs ------------------------------------------------- 51 
3.2.2 CO2 storage ---------------------------------------------------------------------------------------------- 52 
3.2.3 Advantages and disadvantages for CO2 injection in miscible floods --------------------- 52 
3.2.4 Previous Studies---------------------------------------------------------------------------------------- 54 
3.3 Motivation of this study----------------------------------------------------------------------------- 56 
Chapter 4 Experimental apparatus and procedure------------------------------------ 58 
4.1 Task identification ------------------------------------------------------------------------------------ 58 
4.2 Experimental materials------------------------------------------------------------------------------ 59 
4.2.1 Sandpacks------------------------------------------------------------------------------------------------ 59 
4.2.2 Sandstones ---------------------------------------------------------------------------------------------- 63 
4.2.3 Carbonates ---------------------------------------------------------------------------------------------- 63 
4.3 Experimental Design --------------------------------------------------------------------------------- 73 
4.3.1 Sandpacks------------------------------------------------------------------------------------------------ 73 
4.3.2 Sandstones ---------------------------------------------------------------------------------------------- 74 
4.3.3 Carbonates ---------------------------------------------------------------------------------------------- 75 
4.4 Experimental setup and equipment ------------------------------------------------------------- 77 
4.4.1 Common experimental setup ---------------------------------------------------------------------- 77 
4.4.2 Unconsolidated samples experimental apparatus-------------------------------------------- 80 
4.4.3 Apparatus for consolidated samples ------------------------------------------------------------- 83 
4.5 Experimental procedure ---------------------------------------------------------------------------- 91 
4.5.1 Common experimental procedures--------------------------------------------------------------- 91 
4.5.2 Experimental procedure for unconsolidated samples --------------------------------------- 95 
4.5.3 Consolidated samples experimental procedures --------------------------------------------- 99 
Chapter 5 Results and discussion: the influence of wettability on hydrocarbon 
displacement -------------------------------------------------------------------- 116 
5.1 Sandpacks and sandstones ------------------------------------------------------------------------116 
5.1.1 Porosity--------------------------------------------------------------------------------------------------116 
9  
5.1.2 Permeability--------------------------------------------------------------------------------------------118 
5.1.3 Formation Factor -------------------------------------------------------------------------------------120 
5.1.4 Mercury injection capillary pressure ------------------------------------------------------------122 
5.1.5 End point saturations --------------------------------------------------------------------------------124 
5.1.6 Nuclear magnetic resonance ----------------------------------------------------------------------125 
5.1.7 Pore scale simulation --------------------------------------------------------------------------------127 
5.1.8 Micro-CT images --------------------------------------------------------------------------------------127 
5.1.9 Comparison of experimental results with pore scale modelling for sandpacks.-----128 
5.2 Carbonates ---------------------------------------------------------------------------------------------134 
5.2.1 Conventional core analysis measurements----------------------------------------------------135 
5.2.2 Mercury injection capillary pressure ------------------------------------------------------------136 
5.2.3 Nuclear magnetic resonance ----------------------------------------------------------------------139 
5.2.4 Comparison of T2 distribution and mercury injection derived pore size distributions --
 -------------------------------------------------------------------------------------------------------------143 
5.2.5 Formation resistivity factor ------------------------------------------------------------------------146 
5.2.6 Capillary pressure and resistivity index ---------------------------------------------------------152 
5.2.7 The influence on wettability on capillary pressure and resistivity index --------------155 
5.2.8 Relative Permeability --------------------------------------------------------------------------------157 
5.2.9 The influence of wettability on hydrocarbon recovery-------------------------------------158 
5.2.10 Comparison of the experimental capillary pressures and NMR response with 
simulation results.--------------------------------------------------------------------------------------------------------160 
Chapter 6 Results and discussion: the efficiency of CO2 injection in carbonate 
samples --------------------------------------------------------------------------- 164 
6.1 Preliminary experiments---------------------------------------------------------------------------165 
6.1.1 Composite sample characterization -------------------------------------------------------------165 
6.1.2 Mercury injection capillary pressure ------------------------------------------------------------165 
6.1.3 Establishing initial water saturation and ageing----------------------------------------------166 
6.2 Waterflooding-----------------------------------------------------------------------------------------167 
6.3 Tertiary gas flood-------------------------------------------------------------------------------------167 
6.4 Tertiary WAG flood ----------------------------------------------------------------------------------168 
6.5 Tertiary CO2 flood ------------------------------------------------------------------------------------169 
6.6 Comparison between tertiary gas injection, WAG and CO2 flooding -----------------170 
6.7 Discussion and conclusions------------------------------------------------------------------------170 
Chapter 7 Conclusions and future work ------------------------------------------------ 172 
10  
Bibliography -------------------------------------------------------------------------------------- 175 
11  
List of Tables  
Table  3.1  Approximate relationship between wettability and different 
measurement methods by Anderson [2]. ----------------------------------- 39 
Table  3.2  Cuiec’s wettability classification [46]. ---------------------------------------- 39 
Table  3.3 Craig’s rules of thumb for determining wettability [44].----------------- 39 
Table  4.1  Composition of the synthetic formation brine. ---------------------------- 71 
Table  4.2  Crude oil composition for the studies conducted on carbonates to 
alter the wettability by ageing. ------------------------------------------------ 72 
Table  4.3  Dead crude oil viscosity and density measurements at different 
temperatures and atmospheric pressure ----------------------------------- 72 
Table  5.1  Measured porosities of the LV-60 sandpack column using different 
pore volume calculation methods (cf. section 4.5.2.2). ---------------- 117 
Table  5.2  Measured porosity of Ottawa F-42 sandpacks. -------------------------- 117 
Table  5.3  Porosity measurements of Fontainebleau sandstone. ----------------- 118 
Table  5.4  Measured permeability values for three replicates for LV60 sandpacks.
-------------------------------------------------------------------------------------- 118 
Table  5.5  Measured permeability values on Ottawa F-42 sandpacks.----------- 119 
Table  5.6  Measured permeability values on Fontainebleau sandstone using a gas 
permeameter. ------------------------------------------------------------------- 119 
Table  5.7  Reduction in pore volume, FRF and cementation exponent, m, were 
measured at different confining pressures in a stepwise fashion for 
LV60 A. ---------------------------------------------------------------------------- 120 
Table  5.8  Reduction in pore volume, FRF and cementation exponent, m, were 
measured at different confining pressures in a stepwise fashion for 
LV60 B.----------------------------------------------------------------------------- 120 
Table  5.9  FRF and cementation exponent, m, were measured at ambient 
pressure on Fontainebleau sandstone. ------------------------------------ 121 
Table  5.10  Reduction in pore volume, FRF and cementation exponent, m, were 
measured at different confining pressures in a stepwise fashion for 
Fontainebleau sample 1. ------------------------------------------------------ 121 
12  
Table  5.11  Reduction in pore volume, FRF and cementation exponent, m, were 
measured at different confining pressures in a stepwise fashion for 
Fontainebleau sample 4. ------------------------------------------------------ 122 
Table  5.12  Measured initial water saturation for Sandpack LV-60 using mass and 
volume balance.----------------------------------------------------------------- 124 
Table  5.13  Measured residual oil saturation for Sandpack LV-60 using mass and 
volume balance.----------------------------------------------------------------- 125 
Table  5.14  Micro-CT images and extracted networks’ properties ----------------- 129 
Table  5.15  Comparison of experimental data with simulation results------------ 133 
Table  5.16  Measurements of bulk volume, pore volume, length and diameter of 
the carbonate samples -------------------------------------------------------- 135 
Table  5.17  Grain density, helium porosity and gas permeability measured on the 
carbonate samples.------------------------------------------------------------- 136 
Table  5.18  Summary table of core and NMR analysis results. ---------------------- 141 
Table  5.19  Reduction in pore volume, FRF and cementation exponent, m, were 
measured at different confining pressures in a stepwise fashion for 
sample 1.-------------------------------------------------------------------------- 147 
Table  5.20  Reduction in pore volume, FRF and cementation exponent, m, were 
measured at different confining pressures in a stepwise fashion for 
sample 2.-------------------------------------------------------------------------- 148 
Table  5.21  Reduction in pore volume, FRF and cementation exponent, m, were 
measured at different confining pressures in a stepwise fashion for 
sample 3.-------------------------------------------------------------------------- 149 
Table  5.22  Reduction in pore volume, FRF and cementation exponent, m, were 
measured at different confining pressures in a stepwise fashion for 
sample 4.-------------------------------------------------------------------------- 150 
Table  5.23  Reduction in pore volume, FRF and cementation exponent, m, were 
measured at different confining pressures in a stepwise fashion for 
sample 5.-------------------------------------------------------------------------- 151 
Table  6.1  Conventional analysis of the carbonates cores used for the CO2 study.
-------------------------------------------------------------------------------------- 165 
Table  6.2  Composition of hydrocarbon gas used for tertiary flooding. --------- 167 
 
13  
List of Figures 
Figure  2.1  Contact angle for an oil/water/solid system.------------------------------- 25 
Figure  2.2  Typical capillary pressure curve for a water-wet system showing 
drainage, spontaneous and forced water injection. ---------------------- 27 
Figure  3.1:  An idealized triangular pore after primary drainage. The areas directly 
contacted by oil (bold line) have an altered wettability, whereas the 
corners that are full of water remain water-wet [47]. ------------------- 35 
Figure  3.2  Amott wettability measurement [15]. Aw is the area under water-drive 
curve and the area under oil-drive curve is Ao. When the wettability 
index, W, is greater than 0, the sample is considered as water-wet. 
The sample is considered neutral-wet if W~0 and oil-wet when 
considered when W<0. ---------------------------------------------------------- 38 
Figure  3.3  Schematic of the waterflood relative permeability for water-wet and 
oil-wet media [55]. --------------------------------------------------------------- 40 
Figure  3.4  (a) water/ oil capillary pressure curve measured on a strongly water-
wet core. (b): Capillary pressure for a weakly water-wet core [62]. -- 41 
Figure  3.5   (a) oil/water capillary pressure curve measured on a weakly oil-wet 
core. (b) oil/water capillary pressure curve measured on a strongly oil-
wet core. Note that (b) is plotted against oil saturation with negative 
capillary pressure [62]. ---------------------------------------------------------- 42 
Figure  3.6  Effect of contact angle on (a) drainage and (b) imbibition curves [67].
---------------------------------------------------------------------------------------- 43 
Figure  3.7  Oil and water relative permeabilities for water to oil-wet conditions 
[70]. The wettability in this study was determined using the USBM 
method. ----------------------------------------------------------------------------- 45 
Figure  3.8  Morrow et. al. [73] measured steady state relative permeabilities 
using packings of powdered dolomite as the porous medium. Water 
and refined oil was used as displacing fluids. The differences in the 
curves due to wettability is obvious. ----------------------------------------- 45 
Figure  3.9  Recorded global average temperatures as compiled by the Climatic 
Research Unit of the University of East Anglia and the Hadley Centre 
of the UK Meteorological Office [98]. ---------------------------------------- 50 
14  
Figure  3.10  Monthly average of atmospheric CO2 concentration [101]. ------------ 51 
Figure  4.1  Grain size distribution of LV 60 sand measured at Imperial College and 
compared with WBB Minerals provided data. ----------------------------- 60 
Figure  4.2  Micro CT image and photo micrographs of LV 60 sand both taken at 
Imperial College. ------------------------------------------------------------------ 60 
Figure  4.3  Grain size distribution of Ottawa F-42 sand measured at Imperial 
College.------------------------------------------------------------------------------ 61 
Figure  4.4  Micro-CT image of Ottawa F-42 sandpack with a resolution of 9.996 
μm. ----------------------------------------------------------------------------------- 62 
Figure  4.5  Correlations between porosity and permeability in Fontainebleau 
sandstones [116] showing the tested samples used for this study in 
red. ----------------------------------------------------------------------------------- 63 
Figure  4.6  Stratigraphic column of the Middle East carbonate oil fields from 
which the samples were taken for the CO2 and wettability studies 
[117].--------------------------------------------------------------------------------- 64 
Figure  4.7  Middle Eastern reservoir showing the different zones. The samples for 
the wettability study were acquired from zone C. ------------------------ 65 
Figure  4.8  (a) General view (1 mm) of this peloidal packstone (grain dominated). 
(b) Part of which is due to leaching (200 µm scale bar shown).-------- 66 
Figure  4.9  General view (1 mm) of this floatstone (intraclastic biclastic wackstone 
packstone). (b) close up view showing intragranular porosity (200 µm).
---------------------------------------------------------------------------------------- 67 
Figure  4.10  General view (1 mm) of this bioclastic peloidal wackstone packstone. 
(b) Close up view showing dual porosity (200 µm).----------------------- 67 
Figure  4.11  General view (1 mm) of this bioclastic peloidal wackstone packstone. 
(b) Close up view showing intraparticle porosity (200 µm). ------------ 68 
Figure  4.12  General view (1 mm) of this bioclastic peloidal wackstone packstone. 
(b) Close up view showing intercrystalline micropores (200 µm).----- 69 
Figure  4.13  (a) General view of this bioclastic peloidal packstone/grainstone. (b) 
Close up view of the sample.--------------------------------------------------- 70 
Figure  4.14  Flow chart for the sand pack experiments. --------------------------------- 73 
Figure  4.15  Flow chart for the sandstone experiments.--------------------------------- 74 
Figure  4.16  Flow chart for the wettability study. ----------------------------------------- 75 
Figure  4.17  Flow chart for the CO2 study. -------------------------------------------------- 76 
15  
Figure  4.18  Core plug saturation pressure vessel. ---------------------------------------- 77 
Figure  4.19  MARAN2 bench top spectrometer for NMR measurements.----------- 78 
Figure  4.20  Sandpack core plugs used for NMR measurements.---------------------- 78 
Figure  4.21  Fluid permeability measurement setup.------------------------------------- 79 
Figure  4.22  Formation resistivity and cementation factor measurement apparatus.
---------------------------------------------------------------------------------------- 80 
Figure  4.23  Schematic of the experimental set-up used for end point saturation 
measurements.-------------------------------------------------------------------- 81 
Figure  4.24  Sandpack column injected with non-wetting fluid (oil dyed red). ----- 81 
Figure  4.25  Quadtech 7600 RLC used to measure the electrical resistivity of 
sandpacks. -------------------------------------------------------------------------- 82 
Figure  4.26  Soxhlet extractor apparatus used to clean consolidated samples. ---- 84 
Figure  4.27  Flush cleaning apparatus. The sample is put in a heating bath and the 
temperature is raised to reservoir condition then solvents are flown 
through the sample.-------------------------------------------------------------- 84 
Figure  4.28  Mercury-injection measurement in both the core holder and the 
pycnometer.------------------------------------------------------------------------ 85 
Figure  4.29  Experimental apparatus used for capillary pressure and electrical 
resistivity measurements.------------------------------------------------------- 86 
Figure  4.30  Silver painting of the porous plate to increase the electrical 
connectivity. ----------------------------------------------------------------------- 87 
Figure  4.31  Steady state relative permeability apparatus with in-situ saturation 
measurement. --------------------------------------------------------------------- 89 
Figure  4.32  The groove in the distribution plug. ------------------------------------------ 90 
Figure  4.33  γ-ray scanner system used to monitor saturation. ------------------------ 90 
Figure  4.34  High pressure high temperature apparatus for tertiary recovery 
experiments. ----------------------------------------------------------------------- 91 
Figure  4.35  Core trims used for mercury injection capillary pressure experiment.
-------------------------------------------------------------------------------------- 100 
Figure  4.36  Typical cylindrical pore tube model [118]. -------------------------------- 102 
Figure  4.37  Schematic illustration of the mercury injection process [121]. ------ 104 
Figure  5.1  Mercury injection data on Fontainebleau sandstone sample1 showing 
(a) oil/brine capillary pressure and (b) pore throat distribution. ---- 123 
16  
Figure  5.2  Mercury injection data on Fontainebleau sandstone sample 4 showing 
(a) oil/brine capillary pressure (b) and pore throat distribution. ---- 123 
Figure  5.3  Mercury injection data on Fontainebleau sandstone sample 6 showing 
(a) oil/brine capillary pressure (b) and pore throat distribution. ---- 124 
Figure  5.4  (a) The experimental magnetization decay of two samples (LV60X and 
LV60Y) of the LV60 sand packs. (b) The inverted T2 distribution of the 
magnetization decays in (a).-------------------------------------------------- 125 
Figure  5.5  (a) The experimental magnetization decay of two samples (F42X and 
F42Y) of the F42 sandpacks. (b) The inverted T2 distribution of the 
magnetization decays in (a).-------------------------------------------------- 126 
Figure  5.6  Grain size distributions of the F42 and LV60 sand packs.-------------- 127 
Figure  5.7  3D micro-CT sections of (a) LV60A, (b) LV60B, (c) LV60C, (d) F42A, (e) 
F42B and (f) F42C. -------------------------------------------------------------- 128 
Figure  5.8  (a) Sections of the micro-CT image of LV60A sand pack and (b) F42A 
sand pack. The resolution of both images is 10μm, (the dark areas are 
the pore spaces and the white represent grains). (c) Equivalent 
network extracted from LV60A. (d) Network extracted from F42A. 129 
Figure  5.9  (a) Comparison of the experimental magnetization decay of LV60Y 
with the micro-CT image and extracted network for LV60A. (b) 
Comparison of the inverted T2 distributions from the magnetization 
decays in (a). --------------------------------------------------------------------- 130 
Figure  5.10  (a) Comparison of the experimental magnetization decay of LV60Y 
with the micro-CT image and extracted network for LV60B. (b) 
Comparison of the inverted T2 distributions from the magnetization 
decays in (a). --------------------------------------------------------------------- 130 
Figure  5.11  (a) Comparison of the experimental magnetization decay of LV60Y 
with the micro-CT image and extracted network for LV60C. (b) 
Comparison of the inverted T2 distributions from the magnetization 
decays in (a). --------------------------------------------------------------------- 131 
Figure  5.12  (a) Comparison of the experimental magnetization decay of F42Y with 
the micro-CT image and extracted network for F42A. (b) Comparison 
of the inverted T2 distributions from the magnetization decays in (a).
-------------------------------------------------------------------------------------- 132 
17  
Figure  5.13  (a) Comparison of the experimental magnetization decay of F42Y with 
the micro-CT image and extracted network for F42B. (b) Comparison 
of the inverted T2 distributions from the magnetization decays in (a).
-------------------------------------------------------------------------------------- 132 
Figure  5.14  (a) Comparison of the experimental magnetization decay of F42Y with 
the micro-CT image and extracted network for F42C. (b) Comparison 
of the inverted T2 distributions from the magnetization decays in (a).
-------------------------------------------------------------------------------------- 132 
Figure  5.15  Simulated formation water density measurements at different 
temperatures performed in the lab to correct for temperature 
changes.--------------------------------------------------------------------------- 134 
Figure  5.16  Resistivity measurements at different temperatures.------------------ 135 
Figure  5.17  Porosity-permeability correlation for the five-carbonate samples. - 136 
Figure  5.18  Permeability vs. porosity for the carbonate samples from gas and 
MICP measurements show consistent results.--------------------------- 137 
Figure  5.19  Mercury injection data on Middle East plug 1 showing (a) drainage 
capillary pressure and (b) pore throat distribution.--------------------- 137 
Figure  5.20  Mercury injection data on Middle East plug 2 showing (a) drainage 
capillary pressure and (b) pore throat distribution.--------------------- 138 
Figure  5.21  Mercury injection data on Middle East plug 3 showing (a) drainage 
capillary pressure and (b) pore throat distribution.--------------------- 138 
Figure  5.22  Mercury injection data on Middle East plug 4 showing (a) drainage 
capillary pressure and (b) pore throat distribution.--------------------- 139 
Figure  5.23  Mercury injection data on Middle East plug 5 showing (a) drainage 
capillary pressure and (b) pore throat distribution.--------------------- 139 
Figure  5.24  NMR T2 distribution for sample 1. ------------------------------------------ 140 
Figure  5.25  NMR T2 distribution for sample 2. ------------------------------------------ 140 
Figure  5.26  NMR T2 distribution for sample 3. ------------------------------------------ 140 
Figure  5.27  NMR T2 distribution for sample 4. ------------------------------------------ 141 
Figure  5.28  NMR T2 distribution for sample 5. ------------------------------------------ 141 
Figure  5.29  NMR-derived porosity estimation as a function of measured helium 
porosity.--------------------------------------------------------------------------- 142 
Figure  5.30  Gas permeability vs. mean T2 of saturated samples indicating that the 
higher the permeability the higher the mean T2 value. ---------------- 142 
18  
Figure  5.31  Comparison of T2 distribution and mercury injection derived pore size 
distributions for sample 1. ---------------------------------------------------- 144 
Figure  5.32  Comparison of T2 distribution and mercury injection derived pore size 
distributions for sample 2. ---------------------------------------------------- 144 
Figure  5.33  Comparison of T2 distribution and mercury injection derived pore size 
distributions for sample 3. ---------------------------------------------------- 145 
Figure  5.34  Comparison of T2 distribution and mercury injection derived pore size 
distributions for sample 4. ---------------------------------------------------- 145 
Figure  5.35  Comparison of T2 distribution and mercury injection derived pore size 
distributions for sample 5. ---------------------------------------------------- 146 
Figure  5.36  Confining pressure measurements at 10 kHz for sample 1.----------- 147 
Figure  5.37  Confining pressure measurements at 10 kHz for sample 2.----------- 148 
Figure  5.38  Confining pressure measurements at 10 kHz for sample 3.----------- 149 
Figure  5.39  Confining pressure measurements at 10 kHz for sample 4.----------- 150 
Figure  5.40  Confining pressure measurements at 10 kHz for sample 5.----------- 151 
Figure  5.41  Gas permeability vs. formation resistivity factor at net overburden 
pressure. -------------------------------------------------------------------------- 152 
Figure  5.42  Comparison between the capillary pressure curves for the aged and 
cleaned systems, samples 4 and 5 respectively, using the porous plate 
technique. ------------------------------------------------------------------------ 154 
Figure  5.43  Comparison of the resistivity indices for the aged and cleaned 
systems, samples 4 and 5 respectively, using the porous plate 
technique. ------------------------------------------------------------------------ 155 
Figure  5.44  Steady-state relative permeability curves for the cleaned and aged 
sample 1.-------------------------------------------------------------------------- 158 
Figure  5.45  Comparison of the measured capillary pressure curve for carbonate 
sample 2 with simulation results from the tuned network.----------- 161 
Figure  5.46  (a) Comparison of the measured magnetization for sample 2 with 
simulation results from the tuned network. (b) The inverted T2 
distributions from the magnetization decays.---------------------------- 162 
Figure  5.47  Comparison of the measured capillary pressure curve for sample 3 
with simulation results from the tuned network. ----------------------- 162 
19  
Figure  5.48  (a) Comparison of the measured magnetization for sample 3 with 
simulation results from the tuned network. (b) The inverted T2 
distributions from the magnetization decays.---------------------------- 163 
Figure  6.1  Mercury injection data on samples 1-9 (except 8) showing pore throat 
distribution. ---------------------------------------------------------------------- 166 
Figure  6.2  Secondary brine injection recovery for the composite core resulted in 
a final recovery of approximately 42%. ------------------------------------ 167 
Figure  6.3  Tertiary hydrocarbon gas flood recovery after waterflooding.------- 168 
Figure  6.4  Tertiary WAG injection oil recovery after waterflooding. ------------- 169 
Figure  6.5  Oil recovery for tertiary CO2 injection after waterflooding.----------- 170 
Figure  6.6  Comparison of WAG, gas and CO2 injection recoveries. --------------- 171 
 
20  
Chapter 1  
 
Introduction 
Knowledge of the wettability of a reservoir rock and its influence on petrophysical 
properties and hydrocarbon displacement are key factors for determining oil 
recovery mechanisms and making estimates of recovery efficiency. The effect of 
wettability on fluid flow properties in porous media has been extensively studied [1-
11], and is still a subject of highly active investigation. Most of the work has focused 
on homogeneous cores. Little attention has been paid to effects of wettability on 
heterogeneous samples due to their inherent complexity. Moreover, previous 
studies in the literature tend to focus mainly on either experimental measurements 
of one property or on simulation. 
 
In this study, a detailed literature review of the fundamentals of flow through porous 
media, the effect of wettability on oil recovery and the efficacy of CO2 injection for 
enhanced oil recovery are described in Chapters 2 and 3. 
 
In Chapter 4, we described the apparatus, materials and how we performed a series 
of experiments to obtain precise and accurate measurements of two-phase 
properties (relative permeability, capillary pressure, electrical resistivity and NMR 
response) for a variety of samples under different wettability conditions. Moreover, 
we provided a detailed description of the CO2 experimental procedures and 
apparatus. 
 
In Chapter 5, we show the results of the experiments conducted on sandpacks, 
sandstones and carbonates to study the effect of wettability. We commenced the 
experiments by measuring static (porosity and permeability) and dynamic (initial 
water saturation and residual oil saturation) properties of sand packs - Leavenseat 
(LV60) and Ottawa (F-42). The formation factor for these sandpacks was determined 
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using electrical resistivity measurements and Archie’s equation. NMR response 
experiments were also conducted on the same sandpacks and the transverse 
relaxation time T2 distribution were inverted from the measured magnetization 
decays. These experimental measurements have served as a benchmark for pore-
scale modelling studies that have reproduced the experimental data.  
 
Fontainebleau sandstones have also been used as a benchmark for static property 
measurements. Mercury injection capillary pressure (MICP) measurements were 
carried out to construct capillary pressure curves for this sandstone. The MICP 
experimental measurements showed very low pore volume values, indicating very 
tight (consolidated) samples which made the experiments quite difficult.  
 
Once we gained confidence in the methodology used, we commenced with the third 
type of samples, which is the focus of this study; carbonates from a producing oil 
field in the Middle East. Results and discussions in this chapter relate to a typical 
Lower Cretaceous carbonate reservoir in the Middle East. It is a heterogeneous 
carbonate formation with various facies due to diagenetic alteration of the original 
rock fabric. The reservoir is large and prolific with mixed-wet characteristics. Because 
of the economic importance and variety of oil-recovery mechanisms operative or 
possible in the reservoir, the wettability and the multiphase recovery behavior have 
been extensively studied. 
 
Five different carbonate samples were scanned ,using Computer Aided Tomography 
scanner, and were trimmed for thin-section preparation and mercury injection 
capillary pressure analysis. The plugs were cleaned in order to render them more 
water wet. Conventional core analyses were performed on all the cores to measure 
the porosity and permeability. Trims (about 0.01 m in diameter and 0.02 m long cut 
from the samples) were used for mercury injection analysis to construct a capillary 
pressure curve from which a pore throat distribution could be inferred. The pore 
throat distribution was successfully compared with the pore size distribution inferred 
from the NMR T2 relaxation curve. The samples were 100% saturated with simulated 
formation water for these experimental measurements. Formation resistivity factor 
(FRF) and the Formation resistivity index (FRI) were calculated for all samples. The 
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results in turn were used to calculate the cementation factor “m” and the saturation 
exponent “n”. 
 
As a first step for capillary pressure measurements, two samples were drained using 
mineral oil (isobar-L) in a step-wise fashion. For one sample, sample 4, the mineral 
oil was displaced from the core with an aromatic decalin buffer followed by dead 
crude oil (from the same field) and aged under an overburden pressure (18.3 MPa) 
and at reservoir temperature (120°C) for forty days (this sample is referred as the 
aged or oil-wet sample). This is believed to have restored the wettability condition of 
the reservoir. The crude oil was then replaced by mineral oil after flushing the 
sample with decalin, which was used to prevent destabilization of the crude oil. 
Spontaneous and forced waterflooding cycles were then performed on this sample 
and on a sample that had not been aged (referred as cleaned or water-wet sample). 
Resistivity index (RI) and saturation exponent “n” values were determined for 
primary drainage and waterflooding. 
 
One sample, sample 1, was saturated with doped water for a steady state relative 
permeability experiment. Once the water-wet relative permeability measurement 
was completed, the same sample was aged in crude oil and relative permeability 
experiment was recommenced. The relative permeability experiment, at different 
wettability conditions, was performed on the same sample with the same fluids to 
avoid any other affecting parameters such as, rock mineralogy, pore-geometry 
and/or fluid density and viscosity. 
 
The data gathered from aforementioned experiments will be used to validate and 
calibrate pore-scale modelling of the samples to predict single and two-phase 
transport properties. 
 
In Chapter 6, we showed the results of the experiments conducted to assess the 
efficacy of CO2 injection into another Middle Eastern giant heterogeneous carbonate 
reservoir under waterflood. The reservoir under study is a layered system where 
strata measuring a few metres in thickness can be correlated field-wide. The 
reservoir consists of two main units: a lower zone of generally low permeability 
layers and an upper zone of high permeability layers inter-bedded with low 
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permeability layers; the average permeability of the upper zone is some 10-100 
times higher than that of the lower zone. Under waterflooding the following 
phenomenon is observed. The injected water tends to flow through the upper zone 
along the high permeability layers and no or very slow cross flow of water into the 
lower zone occurs, resulting in very poor sweep of the lower zone. 
 
We conducted a series of core-flood experiments on cores from the lower strata to 
compare the performance of different displacement process: waterflooding, 
hydrocarbon gas flooding and water-alternate gas (WAG) compared to them with 
CO2 injection. Reservoir condition core flooding tests were commenced using a 
composite made of nine core plugs, 0.5 m long. After flooding the sample with brine, 
the core was flooded according to the following sequence: 
• Tertiary gas flood (hydrocarbon injection gas). 
• Tertiary WAG (hydrocarbon injection gas). 
• Tertiary gas flood (CO2 injection). 
 
Finally, Chapter 7 provides conclusions on both studies and some recommendations 
that need to be considered. 
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Chapter 2  
 
Literature review: Fundamentals of flow through 
porous media 
2.1 Interaction between fluids and rocks 
In hydrocarbon reservoirs, oil is often found together with water and sometimes 
with gas. This means simultaneous flow of more than one fluid is most likely the case 
when producing from a reservoir. Displacement of more than one fluid usually leads 
to inefficient recovery and a large amount of trapped oil due to immiscibility and 
interfacial tension between fluids and fluids and the rock surface [12]. 
2.2 Wettability and contact angle 
Several terms have been used to define wettability. It can be defined as “the 
tendency of one fluid to spread on or adhere to solid surface in the presence of 
other immiscible fluids”. When the fluids are water and oil, then wettability is the 
tendency of the rock to imbibe oil, water, or both [13]. 
 
The term “wetting” means liquid spreads or coats the solid surface and “non-
wetting” means the liquid balls up and runs off the surface [14]. Contact angle is the 
most traditional measure of the wettability of surfaces when studying pure fluids on 
flat surfaces [2, 15] 
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Figure  2.1  Contact angle for an oil/water/solid system. 
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where: 
  σ  = interfacial tension 
  θ = contact angle 
  θ = 0, complete wetting. 
  θ < 90o, wetting (water-wet). 
  θ ≈ 90o, intermediate or neutral wettability. 
  θ > 90o, oil-wet 
 
Some difficulties are involved in making contact angle measurements such as surface 
contamination, heterogeneity in chemical composition, surface roughness, and 
static/dynamic interface properties. All these factors contribute to the complexity of 
the observed wetting phenomenon [2, 15, 16]. 
 
There are many different techniques used in petroleum industry to measure contact 
angle. One of the most classic is the modified sessile drop method developed by 
Treiber et. al [17]. Another popular method is the captive bubble method [16, 18, 
19]. 
 
In porous media, we have all the complexities of geometry, composition and 
roughness mentioned above. As a consequence, the measurement of contact angle 
on flat surfaces is only an indicator of wettability and effective contact angle during 
displacement processes. 
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2.3 Capillary pressure 
2.3.1 Basic concept 
The rise and fall of fluid in a capillary tube is affected by the surface tension and 
contact angle. A bundle of capillary tubes can be considered to represent a reservoir 
rock. For illustration, suppose the tubes are initially filled with wetting fluid and 
connected to a reservoir of non-wetting fluid. In order for the non-wetting fluid to 
displace the wetting fluid, an additional pressure has to be applied to the system [14, 
20]. This difference in pressure is known as the capillary pressure:  
 wnwC PPP −=          2.2 
where: 
  Pc = the capillary pressure, Pa 
  Pnw = the non-wetting phase pressure, Pa 
  Pw = the wetting phase pressure, Pa 
 
As the capillary pressure increases, more non-wetting phase will penetrate into the 
system. Capillary pressure can be determined by measuring the pressure difference 
between two phases at the point of interest. There are four main methods for 
capillary pressure measurement that are used to construct the capillary pressure 
curves (de-saturation or displacement through a porous plate, centrifuge method, 
dynamic method and mercury injection capillary pressure). 
 
In this study, we used the porous plate method and mercury injection to measure 
capillary pressure. 
2.3.2 Capillary pressure as a function of saturation 
The capillary pressure in a porous medium is a function of saturation. Morrow [21] 
discussed capillary pressure as follows: 
 
Drainage curve: The displacement of the wetting phase from 100% saturation to the 
irreducible saturation. The process is called primary drainage and is the process by 
which oil migrates from source rock to fill a reservoir. 
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Irreducible water saturation: The minimum saturation of the wetting phase retained 
at the highest capillary pressure, where the wetting phase saturation appears to be 
independent of further increase in the externally measured capillary pressure. At this 
point water may either be trapped as wetting rings around rock grains or contained 
in roughness, grooves and corners of the pore space. 
 
Figure  2.2  Typical capillary pressure curve for a water-wet system showing 
drainage, spontaneous and forced water injection.  
 
Waterflooding: Typically we consider primary drainage to represent oil displacing 
water. During subsequent waterflooding, the effective contact angle (accounting for 
the flow direction, surface roughness, diverging/converging pore geometries and 
chemical heterogeneity) will be different for different portions of the pore space. 
Imbibition refers to the displacement of a non-wetting phase by a wetting phase, 
which implies that the capillary pressure is positive. However, there can be further 
displacement when the capillary pressure is negative – see Fig. 2.2.  This represents 
the displacement of oil by water, where the oil pressure is higher than the water 
pressure; water is then effectively the non-wetting phase. This is a forced 
displacement process (technically drainage) – water has to be forced into the porous 
medium to remove oil.   
 
Residual oil saturation: The minimum saturation of non-wetting phase which is 
trapped when the externally measured capillary pressure is decreased from a high 
value to zero, or to large and negative values. 
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2.4 Permeability in multiphase flow 
2.4.1 Permeability 
Permeability is a property of the porous medium and describes the transmissibility 
with which fluid can pass through the pore structure. Darcy [22] developed an 
empirical equation describing the laminar flow of incompressible fluids.  
 ( )gPku ρ
µ
−∇−=          2.3 
where: 
  u  = the Darcy velocity (volume of fluid flowing per unit area per unit  
          time), m.s-1 
  k  = the permeability tensor, m2 
  µ  = the fluid viscosity, kg.m-1.s-1 
  P∇  = the pressure gradient, Pa 
  ρ = the fluid density, kg.m-3 
  g  = the gravitational vector, m.s-2 
2.4.2 Relative permeability 
Relative permeability is a very important factor when considering multiphase flow in 
a porous medium. The idea of relative permeability provides an extension to Darcy’s 
law to cases when multiple fluid phases are present and flowing. When two or more 
fluids are flowing in pore space, their flow will interfere. The ability of porous 
medium to permit the passage of a fluid when its saturation is less than 100% of the 
pore space is called effective permeability. Relative permeability is the ratio of the 
effective permeability of a given phase, say oil, ok , in presence of other phases, 
water and/or gas, to the absolute permeability, k. 
 
k
kk or =           2.4 
The extension of Darcy’s law to multiphase flow of fluid p is [23] 
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2.4.3 Relative permeability measurement methods 
Relative permeability data could be determined from either field data using the 
production history of a reservoir and its fluid properties, or experimentally using 
reservoir core samples. The use of field data is highly uncommon due to the difficulty 
associated with obtaining accurate production data. Also, the correlation between 
relative permeability obtained from field data with laboratory measurements is 
typically very poor. Therefore, field data is typically ignored in measuring relative 
permeability. The relative permeability of a rock to each fluid phase can be 
measured by either steady-state (used in this research), or unsteady-state methods. 
A brief description of the methods is given below. 
2.4.3.1 Steady-state method 
The steady-state method has the widest application and greatest reliability because 
capillary equilibrium prevails, the saturation is measured directly and the calculation 
scheme is based on Darcy’s law [24]. Many researchers have designed different 
methods for constructing relative permeability curves [25-28]. The main concept is 
that two or three fluids are injected simultaneously at fixed rates until equilibrium is 
reached. The core saturation is measured at each equilibrium point and then a new 
ratio of injection rates is applied. Darcy’s law is used to obtain the effective 
permeability for each phase. Conventionally, curves of relative permeability versus 
saturation are obtained, in a stepwise fashion, by changing the ratio of injection 
rates. This method is inherently time consuming because the attainment of 
equilibrium requires days for each saturation step. 
2.4.3.2 Unsteady-state method 
The unsteady-state technique, where the displacing fluid is injected at high rate into 
a core and the relative permeabilities are inferred from the outlet fractional flow and 
total pressure drop is quicker, but does not probe the saturation range below the 
Buckley-Leverett shock height. Operational constraints connected with use of viscous 
oils and high injection rates to diminish the role of capillary forces means that often 
the influence of wettability and other effects cannot be determined accurately [24]. 
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This technique will not be discussed in this thesis. Detailed discussion about this 
technique can be found in [29-31]. 
2.4.4 Importance of relative permeability curves 
Relative permeability data are essential for almost all calculations of fluid flow in 
hydrocarbon reservoirs. The data are used in making engineering estimates of 
productivity, injectivity and ultimate recovery from reservoirs for evaluation and 
planning of production operations. These data are unquestionably of great 
importance for reservoir simulation studies. 
2.5 Electrical resistivity 
A porous medium is filled with oil, water and/or gas. Since the solid matrix of a rock 
is usually a non-conductor, the electrical properties will only depend on the pore 
space that is occupied by fluids. Water that contains salts such as NaCl, MgCl2 and/or 
KCl, dominates the conductivity of the porous medium. The resistivity of a porous 
material is defined by: 
 
L
rAR =           2.6 
where: 
  R = Resistivity (Ohm.m) 
  r = Resistance ( Ω ) 
  A = Cross-sectional area (m2) 
  L = Length (m) 
 
The most fundamental electrical resistivity property defined by Archie [32] is the 
formation factor. 
 
w
o
R
RF =           2.7 
where: 
  oR  = resistivity of the rock saturated 100% with brine. 
  wR  = brine resistivity 
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The formation factor also depends on the amount of water contained in the rock. 
Archie introduced a cementation exponent to relate porosity to formation factor. 
 
m
aF φ=           2.8 
where: 
  a = a constant value 
  m = the cementation exponent 
 
Equating 2.6 and 2.7 gives 
 
m
w
o a
R
R
φ=           2.9 
 
Many researchers investigated the value of a and m; these values can vary 
appreciably depending on the wettability condition [33, 34]. 
 
Resistivity index is another electrical parameter defined by Archie to estimate the 
water saturation in a porous medium: 
 
n
w
o
t
R SR
RI −==          2.10 
where: 
  tR  = Resisivity of rock when partially saturated with brine. 
  oR  = Resisivity of rock when 100% saturated with brine. 
  wS  = Brine saturation 
  n  = Saturation exponent  
 
The value of n  can vary from the value of 2 traditionally associated with water-wet 
systems to much higher values (around 10 or more) depending on the wettability 
condition [7, 35, 36]. 
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2.6 Nuclear magnetic resonance  
2.6.1 Basic theory 
Nuclear magnetic resonance, NMR, was first observed by Bloch et. al. [37]. Since 
then, NMR has been extensively used in the oil industry to determine many 
petrophysical parameters. NMR is a phenomenon associated with the chemical 
environment of the nuclei that can absorb a precise frequency of electromagnetic 
radiation and re-emit it during relaxation back to an equilibrium state [38]. 
2.6.2 Petrophysical applications of NMR 
Many researchers have used NMR to measure different petrophysical properties 
such as porosity, irreducible saturations, pore size distribution and wettability [39]. 
In order to estimate such properties spin-lattice relaxation time, T1, and spin-spin, T2, 
have to be measured. T2 is the preferred measurement specially for modern logging 
systems [40]. 
2.6.3 NMR as a tool for wettability determination 
Petrophysical NMR tools measure spin echo signal amplitude and a decay curve; the 
spin echo signal amplitude is proportional to the number of protons in the hydrogen 
and can indicate porosity. The signal decay curve provides information about the 
types of fluids present within the pore space and their interactions with the surface 
[41]. Hydrogen protons in brine have a higher diffusion coefficient than the hydrogen 
protons in hydrocarbons and as such move faster. When water protons encounter a 
water-wet surface, the protons relax much faster, while on the other hand when 
hydrocarbon molecules encounter a surface they relax much slower compared to 
water molecules. In other words, water-wet rocks have a shorter relaxation time 
than oil-wet rocks. As such, NMR measurements have been used to determine the 
wettability. Brown and Fatt [42] proposed an NMR method for determining the 
fraction of a core that is oil-wet and water-wet in a core with fractional wettability. 
This is based on the observation that the surfaces of the porous medium can 
significantly reduce the measured relaxation time [43]. When a proton is near a 
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surface, it can become temporarily bound to the surface, relaxing, much faster than 
in the bulk fluid. The wettability of the surface can influence the relaxation time. Oil-
wet surfaces cause a smaller reduction in relaxation time than water-wet surfaces. 
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Chapter 3  
 
Literature review 
3.1 Wettability and its influence on petrophysical 
properties 
3.1.1 Wettability of rocks 
As mentioned before, in a porous medium containing two or more immiscible fluids, 
wettability is defined as the tendency of one of the fluids to coat or adhere to the 
surface of the solid [44]. Thus, water-wet rocks have a higher affinity to water than 
oil allowing water to occupy the smaller pores and coat the majority of the surface 
[2]. Similarly, oil-wet rocks have greater affinity to oil than water. The wettability of 
rocks can range from very strongly water-wet (VSWW) to very strongly oil-wet 
(VSOW) depending on the oil/brine interaction with the rock surface. Most reservoir 
engineering applications used to be based on the assumption that reservoir rocks are 
very strongly water-wet [15], since water initially occupied reservoirs for geological 
times [45], as oil migrated into the reservoir rock, water was retained, by capillary 
forces, to the smaller pores and as a film coating the larger pores [15]. The 
conclusions of many investigators [17, 46] postulates however that most of 
reservoirs are not very strongly water-wet, because the reservoir has been 
contaminated with hydrocarbons for a long period. In other words, oil containing 
surfactants and high molecular weight molecules has been in contact with the 
surface of the solid. Macroscopically, in laboratory measurements, wettability takes 
around a month to be altered. Thus, regions of the rock that are in direct contact 
with oil will no longer be water-wet. Wettability conditions can vary in a reservoir 
and also possibly with time and it is not a simply defined property. 
 
Figure 3.1 is a schematic diagram that shows what happens in an idealized triangular 
cross-section of a pore when aged in crude oil. 
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Figure  3.1:  An idealized triangular pore after primary drainage. The areas directly 
contacted by oil (bold line) have an altered wettability, whereas the 
corners that are full of water remain water-wet [47]. 
3.1.2 Types of wettability 
The concept of uniform wettability is a gross over-simplification. Laboratory work 
suggests that wettability ranges from pure water-wet (through neutral or 
intermediate wet) to oil-wet within a porous medium [19, 48]. 
3.1.2.1 Strongly water-wet 
In strongly water-wet conditions, the entire rock surface is assumed to be in contact 
with water. Moreover, water occupies the small pores, where oil and/or gas only 
occupy the centre of the large pores without having any direct contact with the rock 
surface. For much of the past 50 years, this state of wettability has been widely 
accepted to be the condition of typical reservoirs [15]. As oil migrated into fully 
water-saturated reservoirs, it displaced brine into the smaller pores and then formed 
films which coated the large pores and thereby resided in its centres. 
3.1.2.2 Strongly oil-wet 
In this wettability state, the fluid configuration of oil and water are reversed from 
the strongly water-wet state with oil in the smaller pores and coating the pore 
surfaces. 
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3.1.2.3 Fractionally-wet 
Brown and Fatt [42] first proposed the term “fractional wettability” also called 
heterogeneous, spotted or dalamation wettability. In this wettability condition, the 
oil is assumed to alter some part of the rock surface to strongly oil-wet, while the 
remaining parts of the rock remain water-wet [5]. This condition is different from 
intermediate wettability where all portions of the rock have a constant contact angle 
around 90o, equivalent to an equal affinity to imbibe oil and/or water. 
3.1.2.4 Mixed-wet 
Mixed-wet is a special type of fractionally-wet conditions. Oil-wet surfaces form a 
continuous path through the porous medium. The smallest pores retain water and 
remain water-wet, while some of the larger pores containing oil are oil-wet. The 
distinction between fractional and mixed wettability is that the first implies neither a 
continuous oil-wet path nor specific oil-wet surface locations. Mixed-wet media can 
spontaneously imbibe both water and oil and usually have very low residual oil 
saturations [49]. 
3.1.3 Wettability measurement 
An excellent review by Anderson [1-6, 49] gives a comprehensive description of 
reservoir wettability measurement methods. In 1986, Anderson categorized 
measurement techniques into direct and indirect methods. Direct measurements 
include namely contact angle measurements, and wettability indices determined 
from the relative amount of spontaneous (imbibition) and forced displacement [50], 
while indirect methods include relative permeability [51], capillary pressure [52] and 
many other methods such as flotation, glass slide method and NMR. No satisfactory 
method exists for the in-situ measurement of wettability. Therefore, it is necessary 
to measure wettability in the laboratory. 
 
 
 
37  
3.1.3.1 Direct methods 
3.1.3.1.1 Contact angle 
Contact angle is the most reliable method for wettability estimation [2]. The 
measurement of the contact angle is based on Young’s equation 2.1. It is simple in 
concept, but very complex in practice and the interpretation of the results is not 
straightforward.  
3.1.3.1.2 Amott method 
The Amott wettability test [50] involves measuring the average wettability of a core 
by imbibition and forced displacement. The core is saturated with oil and then 
placed in a volumetric apparatus surrounded by water. This step is left until 
equilibrium is reached. The core is then placed in a centrifuge to force the remaining 
oil in the sample down to residual oil saturation.  
 
The Amott index is the ratio of the saturation spontaneously imbibed to the total 
imbibed and forced change in saturation. The Amott wettability index for water, Iw, is 
given by: 
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Similarly, the wettability index for oil, Io, is given by: 
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3.1.3.1.3 Amott-Harvey index method 
This is a modified Amott method. It is carried out with the addition of one more step 
to the core preparation before commencement of the test. The core is initially 
centrifuged under brine and then under crude oil to reduce core to initial water 
saturation. This is followed by the steps specified in the Amott method for the 
wettability determination. Amott-Harvey relative displacement index is the 
displacement by water ratio minus the displacement by oil ratio: IAH=Iw-Io. 
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3.1.3.1.4 USBM method 
The USBM method [53] also known as the centrifuge method is based on correlating 
the wettability with the area under the capillary pressure curves (Figure 3.2). The 
area under the capillary pressure curve is proportional to the work required for one 
fluid to displace the other fluid [21, 54]. The USBM method has an advantage over 
the Amott test, as it is more sensitive towards neutral wettability, but still can not 
determine whether the system has fractional or mixed wettability. The other 
disadvantage of the USBM test is that the wettability can be only measured on a 
plug-size core since the sample has to be centrifuged. 
 )log(
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A
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where: 
  WI = wettability index 
  Aw = the area in the water-displaced-by-oil curves 
  Ao = the area in the oil-displaced-by-water curve 
 
As shown in Table 3.1 when WI is greater than zero, the core is water-wet and when 
WI is less than zero, the core is assumed to be oil-wet. WI close to zero means the 
core is neutrally-wet. 
 
Figure  3.2  Amott wettability measurement [15]. Aw is the area under water-drive 
curve and the area under oil-drive curve is Ao. When the wettability 
index, W, is greater than 0, the sample is considered as water-wet. 
The sample is considered neutral-wet if W~0 and oil-wet when 
considered when W<0 [15]. 
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Table  3.1  Approximate relationship between wettability and different 
measurement methods by Anderson [2]. 
Cuiec [46] suggested the classification of wettability based on the Amott-Harvey 
wettability index as shown in Table 3.2.  
 
Table  3.2  Cuiec’s wettability classification [46]. 
3.1.3.2 Indirect measurements 
3.1.3.2.1 Relative permeability 
Craig [44] introduced a rule of thumb (Table 3.3) to differentiate between strongly 
water-wet and strongly oil-wet systems. This difference in relative permeability can 
also be observed from Figure 3.3 produced by Jennings [55]. 
 
 
Table  3.3 Craig’s rules of thumb for determining wettability [44]. 
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Figure  3.3  Schematic of the waterflood relative permeability for water-wet and oil-
wet media [55]. 
 
Evaluating wettability from relative permeability curves is a good qualitative 
technique. However, evaluation of reservoir wettability solely from relative 
permeability is still questioned [44]. For example, when the reservoir has an 
intermediate wettability condition, which is the case in many reservoirs, it is not 
possible to deduce wettability from the shape of relative permeability curves alone 
[56, 57]. 
3.1.4 The importance and influence of wettability on 
petrophysical parameters 
Wettability is one of the most important parameters in reservoir engineering 
applications. It controls fluid location, flow and distribution in a porous medium. As a 
consequence, wettability affects all petrophysical properties of a reservoir [2, 5]. 
Knowledge of reservoir wettability is critical for many reasons ranging from oil 
migration from source rock to enhanced oil recovery [15]. Therefore, proper 
understanding of reservoir wettability is crucial for determining the most efficient 
means of oil recovery. 
 
Determination of reservoir wettability and its influence on petrophysical properties 
has been known to be a very challenging and complicated procedure. Many 
questions still remain unanswered such as, what is the method to be used to obtain 
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representative wettability values of reservoirs? How can these wettability ranges be 
categorized? All these concerns lead us to the fact that classification of reservoirs as 
water-wet or oil-wet is a gross over-simplification and wetting conditions for oil 
recovery is ambiguous [15]. This fact is very well supported by the conflicting results 
of many researchers on the influence of wettability on petrophysical properties. For 
instance, Kyte et. al. [58] and Mungan [59] concluded that waterflooding strongly 
water-wet cores is more efficient than any other wettability condition. On the other 
hand, Moore and Slobod [60] postulated that oil recovery is greatest when flooding 
intermediate-wet cores. Many other researchers [49, 50] showed that any condition 
other than strongly water-wet is preferable. 
 
This section will highlight some of the previous work on the influence of wettability 
on capillary pressure, relative permeability, electrical resistivity and NMR response. 
3.1.4.1 Influence of wettability on capillary pressure 
Capillary pressure is directly related to the wetting characteristics of the porous 
medium. Wettability influences capillary pressure saturation relationships as it 
controls the distribution of fluid in the pore space [6, 14, 46, 61-65]. 
 
Killins et. al. [62] studied the influence of strongly wetted systems on the imbibition 
and drainage curves of capillary pressure using the porous plate technique.  
 
Figure  3.4  (a) water/ oil capillary pressure curve measured on a strongly water-wet 
core. (b): Capillary pressure for a weakly water-wet core [62]. 
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Figure  3.5   (a) oil/water capillary pressure curve measured on a weakly oil-wet core. 
(b) oil/water capillary pressure curve measured on a strongly oil-wet 
core. Note that (b) is plotted against oil saturation with negative 
capillary pressure [62]. 
 
Figures 3.4 shows the results obtained using consolidated sandstones. Strongly 
water-wet systems have very different areas under the drainage and imbibition 
curves. This is due to contact angle hysteresis (different contact angles depending on 
the direction of flow) and different displacement processes in drainage and 
imbibition. 
 
Figure 3.5 shows a result for strongly oil-wet Berea sandstone. Because oil is the 
wetting fluid, a significant pressure difference between oil and water (a large 
negative capillary pressure) is required to force water into the core; oil 
spontaneously imbibes into the core, displacing water when it has a lower pressure 
than water. To demonstrate that the roles of oil and water are reversed depending 
on the wetting condition, a capillary pressure vs. oil saturation was plotted (Figure 
3.5, right). From Figures 3.4 (left) and 3.5 (right), a qualitative similarity between the 
two plots can be clearly observed. 
 
Graue et. al. [66] studied the effect of wettability on capillary pressure. They used 
nine core plugs with different wettability indexes. The standard centrifuge technique 
was used to obtain the capillary pressure data. They observed that the drainage 
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capillary pressure for the less water-wet core plugs showed lower drainage threshold 
pressure, sharper curvature for the drainage curve and higher irreducible water 
saturation than the strongly water-wet core plugs. During forced water invasion, the 
capillary pressure curve with less water-wet conditions become flatter than the 
strongly water-wet condition cores. Residual oil saturation values were smaller for 
less water-wet cores. 
 
The most comprehensive results on the influence of wettability on capillary pressure 
have been published by Morrow and Mungan [67] and Morrow [63]. Morrow and 
Mungan [67] used sintered polytetrafluoroethylene cores which had uniform 
wettability. This allowed the study to continue without wettability alteration. Air and 
a variety of fluids were used. Capillary pressure curves were measured by advancing 
contact angle from 0o – 108o on a smooth PTFE plate (Figure 3.6). It was found that 
drainage capillary pressure was not sensitive to contact angles less than 50o. 
 
Figure  3.6  Effect of contact angle on (a) drainage and (b) imbibition curves [67]. 
 
Morrow and Mungan [67] also measured spontaneous imbibition on PTFE cores. The 
capillary pressure curves were independent of wettability for contact angles of 22o 
and less. 
 
Morrow [63] then used the advancing and receding contact angle to study the 
influence of wettability on capillary pressure curves. He concluded that receding 
contact angles (oil displaces water – drainage) are much lower than advancing 
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contact angles (water displaces oil). Morrow believed that this difference in drainage 
and imbibition capillary curves is due to this contact angle hysteresis. 
3.1.4.2 Influence of wettability on relative permeability 
Relative permeability characteristics are crucial in the displacement of hydrocarbon 
by water. Relative permeabilities are a function of wettability, pore geometry, fluid 
distribution, saturation, and saturation history. Wettability affects relative 
permeability by controlling the flow and spatial distribution of fluids in a porous 
medium. The shapes of relative permeability curves are characteristic of the wetting 
qualities of the fluids. Wettability changes significantly affect the efficiency of 
waterflooding. During waterflood, strongly water-wet cores will tend to produce 
more oil at water breakthrough, while mixed-wet cores will continuously produce oil 
resulting in very low oil saturations [68]. The highest oil recovery will be obtained 
when flooding neutral-wet systems, while oil-wet systems will have the lowest 
recovery for only a few pore volumes injected [69].  
 
The influence of wettability on water/oil relative permeability curves has received a 
lot of attention by many authors [51, 64, 68-72]. Generally, most of the authors’ 
conclusions agreed with Craig’s rules of thumb with slight differences (Table 3.3). 
 
Owens and Archer [51] used Torpedo outcrop sandstone plugs to conduct their 
experiments. The wettability of the plugs was altered and the contact angles were 
measured by a photographic technique. The contact angle measured for the plugs 
varied between 0o – 180o. Owens and Archer showed that water-oil relative 
permeability curves clearly changed as wettability changes: at a given saturation, as 
water wettability decreases the oil relative permeability decreases. 
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Figure  3.7  Oil and water relative permeabilities for water to oil-wet conditions [70]. 
The wettability in this study was determined using the USBM method. 
 
Morrow et al. [73] measured steady state relative permeabilities with water and a 
refined oil, using packing of powdered dolomite as the porous medium. Wettability 
was controlled with different concentrations of octanoic acid in the oil. Water 
advancing contact angles were measured on a smooth dolomite crystal. The results 
are shown in the Figure 3.8. Wettability varied from water-wet ( oadv 15=θ ), neutral-
wet ( oadv 100=θ ) to oil-wet ( oadv 155=θ ).  
 
Figure  3.8  Morrow et. al. [73] measured steady state relative permeabilities using 
packings of powdered dolomite as the porous medium. Water and 
refined oil was used as displacing fluids. The differences in the curves 
due to wettability is obvious. 
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Despite of the good agreement between the previously mentioned authors with 
Craig’s rules of thumb, many contradictory results have also been reported by other 
authors [19, 74]. Morrow et al. [19] studied the effect of crude oil-induced 
wettability changes on oil recovery. They observed that water relative permeability 
at residual oil saturation decreased when the system became less water-wet. 
Willhite [74] observed that oil relative permeability increases when the porous 
medium becomes oil-wet. 
 
The reasons for these contradictory results are still not very clear. It could be due to 
the heterogeneity of the cores or different methods used to measure relative 
permeability. Other authors related the changes in relative permeability curves to 
pore size rather than wettability [75]. 
3.1.4.3 Influence of wettability on electrical resistivity 
The cross-sectional areas of the conducting paths through the brine play a major role 
in determining the electrical resistivity of a core [3]. Therefore, water films, coating 
the larger pores, in water-wet cases will allow conduction of electrical current 
through more available paths across the network [76].  
 
The variation in wettability will have an effect on Archie’s saturation exponent and 
formation factor, which are essential for determining the hydrocarbon saturation [3] 
(cf. section 2.5). 
 
A number of laboratory studies have shown that the value of n  can vary when 
altering the wettability of the core. In order to understand how wettability affects 
the electrical response of a rock, n  must be measured at reservoir wetting 
conditions, else unreliable saturation values will be obtained [3, 77]. 
 
Sweeney and Jennings [78] measured the influence of wettability on the electrical 
response for water-wet, neutral-wet and oil-wet carbonate cores. The electrical 
resistivity of the cores was measured as a function of water saturation. The Archie 
saturation exponent was found to be 1.9, whereas, at oil-wet conditions n  was 
equal to 12. This finding is consistent with Mungan and Moore’s [79] results. 
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Similar results were also obtained by many researchers [80-82]. The saturation 
exponent varied from 1.7 for water-wet to 13.5 for oil-wet samples. 
3.1.4.4 Influence of wettability on NMR response 
The discovery that relaxation rates in NMR are sensitive to the interactions between 
fluids and the surrounding pore surface, resulted in its use to measure the 
wettability [83]. Many authors have used the relaxation time to characterize 
wettability qualitatively [84-86] and quantitatively [39]. 
 
Howard [84, 87] used chalk samples to study the influence of wettability on the NMR 
response. He observed a shift in relaxation time distribution between oil and water 
which is an indication of the fluid distribution in a porous medium and hence 
wettability. 
 
Hsu et al. [85] and Zhang et. al. [86] demonstrated that NMR T1 relaxation times are 
able to distinguish water-wet from oil-wet surfaces. Zhang et al. [86] used NMR to 
interpret wettability on sandstones. 
 
Looyestijn and Hofman [83] recently introduced a quantitative NMR wettability 
index, which is defined as a function of total wetting and non-wetting surface areas; 
this showed a good correlation with the industry standard (USBM) index.  
3.1.5 Pore-scale modelling 
Petrophysical properties can provide an indication of the average wetting conditions 
of the rocks [2], but it is still difficult to determine how wettability is distributed at 
the pore scale. Furthermore, pore-scale network modelling has predicted mixed-wet 
experimental data to only a very limited extent. 
 
Bakke and Øren [88] developed a process-based reconstruction procedure which 
incorporates grain size distribution and other petrographical data obtained from 2D 
thin sections to reconstruct 3D sandstones. Øren and Bakke [89] applied the 
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procedure to reconstruct Fontainebleau sandstone. Quantitative comparisons with 
microtomographic images showed that the reconstructed model adequately 
reproduced important geometrical and connectivity properties of the actual 
sandstone. 
 
Valvatne and Blunt [90] used two-phase capillary-dominated network models to 
study wettability variation at the pore scale. They assigned intrinsic contact angles iθ  
to network elements; receding and advancing contact angles were determined as a 
function of intrinsic contact angle. They have successfully showed how to predict 
relative permeability and oil recovery for oil-wet, water-wet and mixed-wet rocks, 
and validated their modelling results with experimental data. 
 
Hui and Blunt [8] studied the effects of rock wettability on three-phase systems. 
They analyzed ten different fluid configurations in a single pore and calculated all 
possible displacements. The wettability was altered and its influence on relative 
permeability was studied. The sequence of displacement was oil drainage, followed 
by waterflooding and then gas injection. They concluded that the relative 
permeability depends on both its own saturation and the initial saturation.  
 
Piri and Blunt [91, 92] presented a three-dimensional mixed-wet network model in 
order to simulate two- and three-phase fluid flow. A random network, generated by 
using process-based techniques [89], was used to represent the pore space in Berea 
sandstone. The model simulated any sequence of oil, water and gas injection. 
Threshold capillary pressures for all possible displacements were computed for 30 
different phase configurations. Two- and three-phase relative permeabilities were 
successfully predicted and compared with the steady state experiments conducted 
by Oak [93]. 
3.1.6 Micro-CT scanning 
Micro-CT scanning has been widely used in the oil industry as a tool to visualize 
porous media. The micro-CT method is particularly well suited for measuring pore 
morphologies of consolidated and unconsolidated core plugs as it directly measures 
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the spatial distribution of the different phases. Apart from directly measuring static 
petrophysical parameters such as porosity and interface area, dynamic properties 
such as permeability, NMR response, formation factor and capillary pressure can be 
computed using pore-scale models. 
 
Arns et al. [94] used X-Ray microtomography to investigate pore morphologies of 
carbonates. Within the micro-CT image, they were able to identify 32,000 separate 
vugs and measure the vug size distribution. Numerical and petrophysical properties 
(permeability, drainage capillary pressure, formation factor and NMR response) were 
derived from this image.  
 
Siddiqui et al. [95] fully characterized a carbonate core plug in the laboratory and 
then crushed the plug into cuttings of different mesh sizes. They then used micro-CT-
scans to calculate the density and porosity of the cuttings, which very well matched 
the results of conventional core analysis. The authors used additional tools, 
environmental scanning electron microscope (ESEM), NMR spectrometer and APEX 
(a mercury injection technique), and compared them with micro-CT-scan images. The 
comparisons between pore size distributions from all these different measurement 
methods provided information for the pore scale network modelling effort. Micro-CT 
can provide an effective way to obtain spatial information to support network 
models. 
3.2 CO2 injection in oil reservoirs for EOR and geological 
storage 
Global warming is considered as one of the most critical environmental issues facing 
modern society. Recent rises in the average surface temperature has been attributed 
to increases in atmospheric carbon dioxide, CO2, a major greenhouse gas. In order to 
mitigate global warming, it is necessary to reduce atmospheric CO2 emissions [96]. 
One such method involves collection of CO2 from large point sources, such as power 
stations, and injecting it into geological formations; this is called carbon capture and 
storage (CCS) [97]. 
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The UN Intergovernmental Panel on Climate Change (IPCC) has reported that the 
average global temperature has risen 0.6 ± 0.2 oC since the late 19th century (Figure 
3.9) and may increase by 1.4 to 5.8 oC by 2100. This could result in sea level rise and 
different patterns of precipitation worldwide. Also, there will be an increase in the 
ocean acidity because CO2 dissolved in water forms a weak acid. These changes may 
lead to an increase in extreme weather events such as floods, droughts, heat waves, 
hurricanes, decreases in agricultural yields, or even biological extinctions. 
 
Figure  3.9  Recorded global average temperatures as compiled by the Climatic 
Research Unit of the University of East Anglia and the Hadley Centre 
of the UK Meteorological Office [98]. 
 
The atmospheric concentration of CO2 has increased 40 % from its level of 280 ppm 
in pre-industrial times to over 380 PPM today, as shown in Figure 3.10. This increase 
in atmospheric CO2 is primarily due to the combustion of fossil fuels for energy 
production [99]. There are therefore three options to mitigate increases in the 
atmospheric concentration of CO2: 
• Reducing carbon intensity by replacing fossil fuels with renewable or carbon-
free energy sources, such as nuclear energy. 
• Improving energy efficiency. 
• Carbon capture and storage. 
 
Fossil fuels currently provide about 75% of the world's energy and will probably 
remain its major source until the end of this century, making the first suggestion 
difficult to realize [100]. The mitigation of the volume of CO2 emissions into the 
atmosphere will therefore require a strategy involving carbon capture and storage. 
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Figure  3.10  Monthly average of atmospheric CO2 concentration [101]. 
 
Oil reservoirs are the most attractive storage location due to the economic benefit 
from enhanced oil recovery. They have also trapped hydrocarbons over geological 
time, and so are known traps for CO2 [102]. 
3.2.1 The efficacy of CO2 injection for oil reservoirs 
CO2 has been used for EOR for more than 30 years. The mechanism involved in EOR 
by CO2 injection is miscible flooding [103]. Miscible displacement between crude oil 
and CO2 is caused by the extraction of hydrocarbon from the oil into the CO2 and the 
dissolution of the CO2 into the oil. CO2 is highly soluble in oil. Dissolution of CO2 into 
the oil can not only increase oil saturation (containing dissolved CO2) above the 
residual saturation to enable the oil to flow, but also reduce the viscosity of oil 
resulting in better mobility [30].  
 
Light and intermediate molecular weight hydrocarbon fractions, as well as the 
heavier gasoline and gas oil fractions, are vaporised into the CO2 front. 
Consequently, vaporising-gas drive miscibility with CO2 can occur with few or no C2 
to C6 components present in the crude oil. The efficiency of the EOR technique 
depends on the reservoir pressure. CO2 is miscible with reservoir oil at pressures 
above its Minimum Miscibility Pressure (MMP) [104]. The degree of miscibility is also 
affected by CO2 purity, temperature and oil composition - the heavier the oil the 
higher the MMP. The sweep efficiency of this process depends on the viscosity ratio 
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between oil and CO2. A disadvantage of CO2 flooding is that an unfavourable mobility 
ratio between the oil and CO2 can aggravate the effects of the preferential flow 
paths that exist in the system by channelling the injected gas through the reservoir 
fluid. Screening criteria [105, 106] have thus been proposed to select reservoirs that 
are suitable for CO2 injection as an EOR technique. Taber [106] estimates that this 
process can be widely applied in both sandstone and carbonate formations with a 
variety of permeabilities and thickness of hydrocarbon bearing zones. 
3.2.2 CO2 storage  
CO2 can be stored in zones where CO2 replaces reservoir oil or water. The fraction of 
the pore space that can be occupied by injected gas is controlled by reservoir 
heterogeneity, gravity segregation and displacement efficiency of the injected gas 
[107]. However, in EOR projects, efforts must be made to minimise the amount of 
CO2 that is injected to recover the oil. For CCS, injection needs to be optimised to 
increase both CO2 storage and oil recovery. The following strategies have been 
suggested in the literature for the various situations considered [107]: 
• Using horizontal wells or partial completions for both injector and producer 
• Injection of CO2 into an aquifer below the reservoir 
• Injection into the capillary transition zone 
• Water alternating gas (WAG) injection 
 
A key limiting factor for both oil production and CO2 storage is the cycling of 
produced gas. A detailed and accurate description of the permeability distribution in 
the reservoir is required to predict the breakthrough time of injected CO2 at 
production wells accurately and the amount of CO2 produced with the oil [100]. 
3.2.3 Advantages and disadvantages for CO2 injection in 
miscible floods 
CO2 is regarded to be an excellent solvent for miscible CO2 floods. But still there are 
both advantages and disadvantages to take into consideration when considering an 
EOR project. 
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3.2.3.1 Advantages 
The greatest difference compared to other gases is that CO2 can extract heavier 
components up to C30. The solubility of CO2 in hydrocarbon oil causes the oil to 
swell. CO2 expands oil to a greater extent than methane does. The swelling depends 
on the amount of methane in the oil. Because the CO2 does not displace all of the 
methane when it contacts a reservoir fluid, the more methane there is in the oil, the 
less is the swelling of oil. CO2 has the following characteristics in a flood process: 
• It promotes swelling. 
• It reduces oil viscosity. 
• It increases oil density. 
• It is soluble in water. 
• It can vaporize and extract portions of the oil. 
• It achieves miscibility at pressures of only 10 - 50 MPa. 
• It reduces the difference between oil and water density, and thus reduces the 
amount of gravity segregation. 
• It reduces the surface tension of oil and water, and result in a more effective 
displacement. 
3.2.3.2 Disadvantages 
One of the main problems in achieving profitable CO2 flooding has been the high 
mobility of the CO2. The relative low density and viscosity of CO2 compared to 
reservoir oil are responsible for gravity tonguing and viscous fingering. The effect of 
CO2 is more severe than those problems are in a water flood. In order to avoid those 
negative effects, several attempts have been done to improve the sweep efficiency. 
Those can be: 
• Installation of well packers and perforating techniques. 
• Shutting in production wells to regulate flow. 
• Alternating CO2 and water injection (WAG). 
• Addition of foaming solutions together with CO2. 
 
The volumetric sweep efficiency can be significantly improved by implement the 
WAG process. The gas mobility in the reservoir will be reduced, and becomes close 
to the mobility of the water. However, the complete evaluation of the process must 
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take into account the possible effect of hysteresis on relative permeabilities in 
drainage and imbibition, and it is important to find an optimal water/CO2 ratio. 
Another option to reduce the mobility of CO2 is to implement foaming solution 
combined with CO2 injection. This can either be done to improve the sweep 
efficiency or by blocking the CO2 in more permeable layers.  
3.2.4 Previous Studies 
Two classical studies have been performed on structures in Norway and the Alberta 
Basin, Canada. The first successful CO2 sequestration field test in a brine-bearing 
formation was performed in the Sleipner gas field in the Norwegian North Sea [108]. 
In the Sleipner project, CO2 was stripped from the produced natural gas and injected 
into a sand layer called the Utsira formation. The injection started in October 1996 
and CO2 is injected at a rate of 1 million tonnes per year. Over 10 million tonnes of 
CO2 have been injected so far without any significant operational problems observed 
in the capture plant or in the injection well [109, 110]. 
 
The Weyburn field project in Canada [111] was the first to study CO2 storage as both 
an enhanced oil recovery (EOR) technique and a storage method. The Weyburn 
project is a good example to prove that oil reservoirs are attractive candidates for 
subsurface CO2 storage. 
 
A CO2 miscible test was conducted at the Slaughter Estate Unit, West Texas. The test 
was in a San Andreas carbonate. Drilling of the 12-acre double five-spot pilot began 
in 1972 in an area which had not been waterflooded. After waterflooding, injection 
of the miscible solvent (72% CO2 and 28% H2S) began in 1976. Production of 
incremental oil began in 1977 when solvent injection was 10% of the hydrocarbon 
pore volume. A total of 25% hydrocarbon pore volume solvent was injected. Chase 
gas was then injected at a water-to-gas ratio of 1 reservoir barrel of chase gas per 
reservoir barrel of water. This ratio was later increased to 1.33 to reduce the 
quantity of chase gas being recycled. After 1982 only water was injected. As of July 
1981, the enhanced oil recovery attributable to CO2 flooding was 14.9% of OOIP. The 
ultimate recovery was projected to be 20% of OOIP. 
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Twofreds Field, located 17 miles North of Pecos, TX is an active CO2 Project 
producing from the Delaware sandstone of the Permian Age. The CO2 is being 
injected continuously into the 4800 ft Delaware sandstone through 14 injectors 
[112]. The reservoir contains about 4400 acres with 25 ft of pay, 19% porosity, and 
permeability of 33 mD. Oil gravity is 36o API in this field which originally contained 53 
million barrels of oil. The CO2 source is the CO2 separation plant in a nearby gas field. 
As CO2 was injected, oil production rose steadily in the 800-acre injection pattern 
rising from 27 to 520 bbls/day. No recent data are available on this project. 
 
The literature study makes it possible to conclude that CO2 has been an excellent 
solvent for enhanced oil recovery. Almost 30 years of experience and more than 80 
CO2 projects show that the additional recovery is in the region of 7 to 15 % of the oil 
initially in place. 
56  
3.3 Motivation of this study 
Over the years, many wettability studies have been conducted on sandpacks and 
sandstones to examine the optimum wettability state for fluid recovery in 
hydrocarbon reservoirs. In carbonate samples studies, opinion varies widely on 
whether the strongly oil-wet [113], strongly water-wet [15, 51, 59] or intermediate-
wet [60, 114] conditions are optimal wettability for recovery. The reason behind this 
controversy in the literature is the heterogeneity of carbonate pore geometry and 
the scarcity of good-quality experimental data. These studies tended to focus on 
either experimental measurement of one property or simulation. 
 
The wettability of a porous medium influences fluid recovery, relative permeability, 
capillary pressure and water-flood behaviour [2]. The prevailing wisdom is that the 
vast majority of carbonate reservoirs are oil-wet [17]; however, these studies were 
performed primarily on fields in the US with heavy oils. 
 
In this project, the wettability of a typical Middle Eastern carbonate reservoir and its 
influence on petrophysical properties is thoroughly investigated. We use core 
samples and fluids from the same field and restored the reservoir wettability 
condition. We suggest that the typical wettability of Middle East fields is not strongly 
oil-wet, but shows mixed- and neutrally-wet characteristics. And we believe that this 
may be the case for similar fields throughout the region. 
 
The experimental data show that there is a significant difference in the relative 
permeability and capillary pressure of cleaned and aged samples; the results are 
explained in terms of the pore-scale configurations of fluids. In contrast, electrical 
resistivity did not encounter significant changes for different wettability, suggesting 
that electrical properties in these carbonates are mainly affected by the porosity that 
remains water-wet, and that resistivity alone is not a good indicator of wettability. 
This conclusion is supported by the significant displacement that is observed in the 
aged sample at capillary pressures close to zero. 
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We show that wettability, imbibition capillary pressure and relative permeability 
have major impact on the waterflood sweep efficiency and hence on the distribution 
of remaining oil saturation. An incorrect understanding of the distribution of 
remaining oil saturation may lead to ineffective enhanced hydrocarbon recovery 
decisions. 
 
We then extend our study to CO2 flooding applied to another producing field and 
demonstrate that high local displacement efficiency can be obtained.  We will 
discuss the implications of these results for field-scale recovery. 
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Chapter 4  
 
Experimental apparatus and procedure 
Laboratory study measurements of capillary pressure, relative permeability, NMR 
response and resistivity index were performed to evaluate the effects of wettability 
on a Middle Eastern carbonate reservoir. To get confidence on the conducted 
methodology, we commenced our study with sandpacks and sandstones that are 
known to have a simpler pore geometry. 
 
Then, these results were used as a benchmark for numerical predictions using pore-
scale modelling where the pore space has been imaged using micro-CT scanning.  
 
Last, different gas injection schemes were performed on another heterogeneous 
carbonate composite core to evaluate the optimum tertiary recovery strategy. 
 
This chapter consists of several sections that provide full descriptions of the 
experimental equipment, materials, apparatus and procedures for the different 
experiments. 
4.1 Task identification 
Several experiments were conducted on sandpack, sandstone and carbonate 
samples with different wetting states. We started our experiments with simple 
sandpacks, as they are known to be quite homogeneous, and with a wettability that 
is known (water-wet). We conducted porosity, permeability, end-point saturations, 
NMR and electrical resistivity experiments on two types of sand using brine and 
mineral oil. These samples were used as a benchmark for pore scale modelling 
studies. 
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Then, Fontainebleau sandstone samples were used for which porosity, permeability 
and mercury injection capillary pressure were measured. The low pore volume of the 
samples made capillary pressure, relative permeability and NMR experiments very 
difficult. 
 
Carbonate samples, from a producing field in the Middle East, were screened to 
obtain the least heterogeneous samples. Five core-plugs of 0.038 m in diameter 
were chosen. Conventional core analysis (porosity and permeability), capillary 
pressure, relative permeability, NMR, mercury injection capillary pressure and 
electrical resistivity experiments were conducted on these samples. Some samples 
were then aged in crude oil and underwent the same aforementioned experiments. 
 
A composite core sample from another carbonate field was used to conduct a series 
of core-flood experiments to compare the performance of different displacement 
processes: waterflooding, hydrocarbon gas flooding and water-alternate gas (WAG) 
with CO2 injection. 
4.2 Experimental materials 
4.2.1 Sandpacks 
Leavenseat sandpack LV 60 
We used clean industrial sand (Leavenseat LV 60, WBB Minerals Limited, UK). The 
sand was sieved for 80 min. through British standard meshes on an electrical shaker 
and the grain size distribution was obtained (Figure 4.1). Fine grain sizes were 
discarded. The sieving analysis showed that 89.3% of the sand particles had a size 
between 180 µm and 500 µm, while WBB Minerals Limited reported that 99.2% of 
sand the particles had sizes between 180 µm and 500 µm. The figure shows particle 
size distributions recorded by WBB and measured at Imperial College: our sand had a 
somewhat broader grain size distribution with more large grains than reported by 
the suppliers. 
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Figure  4.1  Grain size distribution of LV 60 sand measured at Imperial College and 
compared with WBB Minerals provided data. 
 
Figure 4.2 shows a micro-CT image of Leavenseat LV60 sandpack with a resolution of 
10 μm and photo micrographs of the grain particles. 
 
 
Figure  4.2  Micro CT image and photo micrographs of LV 60 sand both taken at 
Imperial College. 
 
Density of LV 60 
The measured density of the sand grains for LV 60 was 2630 kg/m3 using equation 
4.1 below. This was obtained by inserting circa 0.03 kg of LV60 into a burette filled 
with roughly 5x10-4 m3 of brine. Care was taken that no air was introduced. The mass 
of the system, mLV60, at each step was measured with a Denver Instrument balance 
S-6002, which has an accuracy of +/- 10-5 kg. The volume, VLV60, was determined by 
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reading the scale of the burette, which has an accuracy which conforms to 
ASTM/USP accuracies (+/- 2x10-3 m3). 
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=ρ          4.1 
 
Ottawa F-42 sandpack 
Standard reference quartz sand, Ottawa F-42 was also studied. F-42 Ottawa sand 
was obtained from U.S. Silica (Ottawa, IL), and was used as received. Prior to use, the 
sand was air-dried and was sieved for 80 min. through British standard meshes on an 
electrical shaker and the grain size distribution was obtained (figure 4.3). 
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Figure  4.3  Grain size distribution of Ottawa F-42 sand measured at Imperial College. 
 
The sandpack was CT-scanned with a resolution of circa 10 μm as shown in figure 
4.4. 
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Figure  4.4  Micro-CT image of Ottawa F-42 sandpack with a resolution of 9.996 μm. 
 
Density of Ottawa F-42 
The measured density of the sand grains for F-42 was 2630 kg/m3 using the method 
described above. Both sands are almost pure quartz (that has a density of 2620 
kg/m3). 
 
Brine 
The brine used throughout the displacement experiments for the sandpacks was a 
self-mixed de-ionized water, 5 wt% NaCl (Fisher Bio Reagents, ≥ 99.9 mol%) and 1 
wt% KCl (Merck, ≥ 99.5 mol%) solution. KCl was introduced to prevent the sand from 
swelling, while NaCl was added to increase the ionic strength of the water to levels 
found in oil reservoirs. The density of the brine used for the experiments was 1035 
kg/m3. 
 
Mineral OIl 
n-octane (97 Vol% purity; Fisher Scientific) was used as the non-wetting fluid phase. 
N-Ethyl-1-((p-(phenylazo)phenyl)azo)2-naphthalenamine (Sudan Red 7B) was used as 
a dye in order to distinguish the n-octane from the brine. 
 
The density of the n-octane was measured to be 730 kg/m3, which was measured by 
using a similar technique to that described previously. 
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4.2.2 Sandstones 
Fontainebleau Sandstone 
The Fontainebleau Sandstone is of Stampian (Oligocene) age and forms a 50 to 80 m 
thick unit of fine-grained, well-sorted sand of marine beach and Aeolian dune origin 
[115]. Fontainebleau sandstone is found in the Paris Basin, France and contains up to 
25% quartz cement. The sample porosity was circa 9% and had an average 
permeability of 1.4x10-13 m2. Figure 4.5 shows a porosity-permeability relationship 
for this type of sandstone. 
 
Figure  4.5  Correlations between porosity and permeability in Fontainebleau 
sandstones [116] showing the tested samples used for this study in 
red. 
 
Brine 
The brine used in sandstone fluid displacement experiments was similar to the brine 
used in the sandpack experiments (see section 4.2.1). 
4.2.3 Carbonates 
We used a series of carbonate cores from one producing field in the Middle East for 
our first study of the effects of wettability and another composite carbonate core 
from another Middle Eastern field for the CO2 displacement experiments. 
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The stratigraphic column of the area comprising these fields (Figure 4.6) shows that 
significant hydrocarbon accumulations occur in the Early Cretaceous group of 
sediments. The earliest sediments in this group are dominantly mixed oolitic, 
dolomitic limestones and deeper water lime mudstones. These were followed by a 
long period of cyclic carbonate sedimentation with alternating shelf limestones and 
deeper water limestones of the Lekhwair and Kharaib formations; the core samples 
used in the wettability study come from the Kharaib formation. In the central part of 
the area, an intrashelf basin was formed in Aptian time where argillaceous 
limestones and shales accumulated, and at the fringes or rim of this basin, rudistid 
and algal buildups were deposited; the sample for the CO2 study belong to this 
formation. Collectively, these formations make up the Thamama Group that contains 
most of the hydrocarbon in the Middle East. 
CO2 study
Wettabaility study
 
Figure  4.6  Stratigraphic column of the Middle East carbonate oil fields from which 
the samples were taken for the CO2 and wettability studies [117]. 
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4.2.3.1 Core plugs for the wettability study 
As mentioned above, the samples used in this study are from one of the giant 
onshore carbonate fields in the Middle East producing from Lower Cretaceous 
carbonates of the Thamama Group, with estimated reserves of 10.5 billion barrels. 
The field is developed on the crest of an elongated faulted domal anticlinal structure, 
26 km long and 9 km wide. 
Zone B
Zone C
Zone A
 
Figure  4.7  Middle Eastern reservoir showing the different zones. The samples for 
the wettability study were acquired from zone C. 
 
The reservoir is located in the Kharaib formation of the Thamama group, and is 
divided into three zones (A, B and C) as shown in figure 4.7. Zone C (about 23 m 
thick) is divided into three subzones and the samples were taken from subzone CII, 
which represents the most common type of rock in the Middle East oil reservoirs. 
4.2.3.1.1 Thin section description 
Five different thin sections were prepared from the core sample and were described 
using a petrographic microscope. The samples used are very similar and are from the 
same rock types. This is evident from the conventional core analysis, MICP, NMR and 
special core analysis. 
 
Sample: 1 
The sample exhibits a dual pore system (i) dissolution of lime mud resulted into 
intergranular/intercrystalline associated with micropores in the mud matrix, and (ii) 
biomoldic macropores associated with leached high Mg calcite rudist fragments, 
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although these tend to be isolated macropores. The reservoir properties that can be 
expected from this sample are good, due to very good porosity and significant pore 
interconnection. 
 
 
Figure  4.8  (a) General view (1 mm) of this peloidal packstone (grain dominated). (b) 
Part of which is due to leaching (200 µm scale bar shown). 
 
Sample: 2 
The main pore type is intercrystalline micropores associated with the mud matrix 
which locally has been enhanced by early diagenetic leaching which has enlarged the 
micropores to form mesopores that are visibly impregnated with dyed epoxy. 
Primary intraparticle pores associated with algae. Petrophysical measurement in this 
rock plug yield very good porosity and good permeability readings. This is believed to 
be mostly due the pore/pore throat enlargement operated by processes of 
carbonate dissolution. 
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Figure  4.9  General view (1 mm) of this floatstone (intraclastic biclastic wackstone 
packstone). (b) close up view showing intragranular porosity (200 
µm). 
 
Sample: 3 
The sample exhibits a dual pore system (i) dissolution of lime mud resulted into 
intercrystalline associated with micropores in the mud matrix, and (ii) biomoldic 
macropores associated with leached high Mg calcite rudist fragments, although 
these tend to be isolated macropores. Petrophysical measurement in this rock plug 
yield very good porosity and good permeability readings. This is believed to be 
mostly due the pore/pore throat enlargement operated by processes of carbonate 
dissolution. 
 
Figure  4.10  General view (1 mm) of this bioclastic peloidal wackstone packstone. 
(b) Close up view showing dual porosity (200 µm). 
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Sample: 4 
The main pore type is intercrystalline micropores associated with the mud matrix 
which locally has been enhanced by early diagenetic leaching which has enlarged the 
micropores to form mesopores that are visibly impregnated with dyed epoxy. 
Biomoldic is also seen in this sample. Primary intraparticle pores within grains. The 
reservoir properties of this rock sample are expected to be moderate, due to 
relatively small pore size and moderate pore interconnection. Microporosity may be 
an important factor for hydrocarbon recovery purposes. 
 
Figure  4.11  General view (1 mm) of this bioclastic peloidal wackstone packstone. 
(b) Close up view showing intraparticle porosity (200 µm). 
 
Sample: 5 
The main pore type is intercrystalline micropores associated with the mud matrix 
which locally has been enhanced by early diagenetic leaching which has enlarged the 
micropores to form mesopores that are visibly impregnated with dyed epoxy. 
Biomoldic is also seen in this sample. Despite of the high measured porosity, the 
poor interconnection of the pore system is probably the cause for the moderate/low 
permeability readings in this sample. The heterogeneous distribution of the pore 
system is expected to have detrimental effect on hydrocarbon recovery. 
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Figure  4.12  General view (1 mm) of this bioclastic peloidal wackstone packstone. 
(b) Close up view showing intercrystalline micropores (200 µm). 
 
4.2.3.2 Core plugs for the CO2 study 
Reservoir condition core flooding tests have been completed using a composite core 
plug from another giant field in the Middle East producing from the Lower 
Cretaceous Shuaiba formation (Aptian age). The field is an elongated domal anticline 
structure, 35 km long and 25 km wide. The Shuaiba formation is the principal oil 
bearing horizon in this field with a gross thickness of 150 m and pay thickness of 100 
m. The reservoir is characterized by algal and rudistid, carbonate, platform-margin 
limestones. 
 
Nine distinct petrophysical subzonation units (A to I) have been identified in this 
reservoir. Unit H, the thickest subzone and most prolific, was chosen for this study; 
unit H consists of two main units, i.e. a lower zone of generally low permeability 
layers and an upper zone of high permeability layers inter-bedded with low 
permeability layers; the average permeability of the Upper zone is some 10-100 
times higher than that of the lower zone. Under waterflooding, the injected water 
tends to flow through the upper zone along the high permeability layers and no or 
very slow cross flow of water into the lower zone occurs, resulting in very poor 
sweep of the lower zone. 
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Nine core plugs were taken from the lower zone of unit H and used to conduct the 
flooding experiments. These cores are classified within the same rock type and have 
very similar rock properties. 
 
4.2.3.2.1 Thin section description 
As the samples have very similar rock properties and are from the same rock type 
(evident from the mercury injection curves, section 6.1.2), only one thin section was 
described in detail. 
 
Sample 9 
The main pore types are primary interparticle macropores between the peloid 
grains, and mesopores associated with the moldic pores and intercrystalline 
micropores associated in the mud matrix.  The latter has been significantly enhanced 
by early diagenetic leaching which has enlarged the micropores to form meso- and 
macropores that are visibly impregnated with dyed epoxy. 
 
Permeability is expected to be moderate to good due to abundance of interparticle 
pores, and the lesser calcite cementation that kept some of connected macropores. 
 
Figure  4.13  (a) General view of this bioclastic peloidal packstone/grainstone. (b) 
Close up view of the sample. 
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4.2.3.3 Brine 
Synthetic formation water (SFW) was prepared according to the composition of the 
reservoir brine as shown in Table 4.1. Before use, the SFW was filtered through a 
0.45 µm filter and degassed. 
Salt g/l
NaCl 138.21
CaCl2 2H2O 57.66
MgCl2 6H2O 13
Na2SO4 0.02
NaHCO3 0.0048
 
Table  4.1  Composition of the synthetic formation brine. 
 
Brine resistivity was measured at ambient and reservoir conditions (120oC) and was 
0.0513 and 0.0227 ohm.m, respectively. The density of the brine at ambient 
condition was 1128 kg/m3 and at reservoir condition was 1099 kg/m3. 
 
4.2.3.4 Mineral oil 
Isopar-L was used as a non-wetting fluid throughout the flooding experiments. Isopar 
Fluids are ExxonMobil Chemical's line of isoparaffinic fluids. They are not very 
reactive and have little biological activity. The density of the isopar-L at 15 oC is 765 
kg/m3. 
 
4.2.3.5 Crude oil 
In order to mimic reservoir conditions, dead crude oils from the same fields were 
used to restore the wettability of the samples. Before use, the oil was filtered 
through a 0.45 µm membrane. Table 4.2 shows PVT analysis on the selected dead 
crude oil. 
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Molecular
weight
n-hexane             0.993 0.293 86.17
n-heptane            1.603 0.550 100.20
n-octane             1.789 0.700 114.22
n-nonane             1.858 0.816 128.25
Sum 6.243 2.359
C10+ 93.757 97.641
Total 100.000 100.000
Component: Mole % Weight %
 
Table  4.2  Crude oil composition for the studies conducted on carbonates to alter 
the wettability by ageing. 
 
The oil density at atmospheric pressure is determined with an Anton PAAR 
densitometer. The densitometer is calibrated with air and distilled water. 
 
The viscosity is determined in a viscosimeter from Cambridge Instruments. The 
viscosimeter is a cylinder with a piston running both ways in the cylinder. The time 
for the piston to run from one end to the other is measured. Relative standard 
deviation is measured for the last twenty runs and the viscosity is measured when 
the relative standard deviation is less than 1.5 %. 
 
The viscosimeter is calibrated with viscosity standards from Cannon Instruments. 
 
The density and viscosity of the crude oil are shown in Table 4.3 below as a function 
of temperature. 
Temperature Viscosity Densty
o
C mPa.s Kg/m
3
20 4.37 830
25 3.83 830
30 3.32 820
40 2.62 820
50 2.14 810
60 1.79 800
70 1.51 790  
Table  4.3  Dead crude oil viscosity and density measurements at different 
temperatures and atmospheric pressure  
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4.2.3.6 Decahydronaphthalene 
Also known as Decalin, this is an industrial solvent. Decalin is used to flush the crude 
oil away prior to mineral oil injection. Injection of decalin is supposed to prevent any 
asphaltene precipitation in the core. Decalin has a density of 896 kg/m3. 
 
4.3 Experimental Design 
All experiments were performed according to the following work flows. 
4.3.1 Sandpacks 
A flowchart for the sandpack experiments is given in Figure 4.14. 
 
Figure  4.14  Flow chart for the sand pack experiments. 
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4.3.2 Sandstones 
A flowchart for the sandstone experiments is given in Figure 4.15. 
 
Figure  4.15  Flow chart for the sandstone experiments. 
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4.3.3 Carbonates 
4.3.3.1 The influence of wettability on hydrocarbon displacement 
 
Figure  4.16  Flow chart for the wettability study. 
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4.3.3.2 The efficacy of CO2 for hydrocarbon recovery 
 
Figure  4.17  Flow chart for the CO2 study. 
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4.4 Experimental setup and equipment 
4.4.1 Common experimental setup 
This section describes the similar setups used for all consolidated and 
unconsolidated samples. 
4.4.1.1 Saturation with brine 
The objective is to saturate the core plugs 100 % with formation water. The cleaned 
and dried core plug is saturated with formation water by a vacuum process, pressure 
saturation and by flooding. 
 
Figure  4.18  Core plug saturation pressure vessel. 
 
4.4.1.2 NMR 
NMR machine 
The NMR equipment consists of a Resonance Instruments MARAN2 bench top 
spectrometer (Figure 4.19), which was running at ambient pressure and 30°C and 
operating at 2 MHz frequency.  
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Figure  4.19  MARAN2 bench top spectrometer for NMR measurements. 
 
Sandpack core plug 
Synthetic sandpack core plugs (Figure 4.20) were prepared to measure NMR 
response due to limitations with the NMR machine in handling larger plugs. The 
samples used in this experiment were prepared using heat-shrink thermo plastic 
sleeve provided by Ergo Tech with plastic perforated disks from the sides. The cores 
were 0.09 m long and approximately 0.03 m in diameter  
 
Figure  4.20  Sandpack core plugs used for NMR measurements. 
 
4.4.1.3 Permeability 
A core plug is flooded with formation water or oil. The rate of flow, drop in pressure, 
and temperature are recorded. The fluid permeability is then calculated from the 
measured values, viscosity of the fluid, length and diameter of the plug. Necessary 
equipment includes: core holder, pump, differential-pressure device with special 
range of measurement, back-pressure regulator and manometer (figure 4.21). 
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Figure  4.21  Fluid permeability measurement setup. 
 
4.4.1.4 Formation resistivity factor FRF 
The resistivity of 100% water saturated core plugs was measured by a Hewlett-
Packard LCZ meter by performing one-frequency measurements (10 kHz). 
Impedance, phase angle and temperature were recorded. The outlet end of the core 
was connected to a micro burette to measure brine squeeze out and pore volume 
reduction. Figure 4.22 shows the apparatus used to measure formation resistivity 
factor and cementation factor of the samples. 
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Figure  4.22  Formation resistivity and cementation factor measurement 
apparatus. 
 
4.4.2 Unconsolidated samples experimental apparatus 
The experimental setup of the unconsolidated samples, Leavenseat LV-60 and 
Ottawa F-42 sandpacks, are described in this section. The first experiment measured 
the end-point saturations in a sandpack column. Then, NMR and electrical resistivity 
responses were measured on sandpack core plugs. 
4.4.2.1 End-point saturations 
In the experimental work, brine and n-octane were used as liquid phases, and 
Leavenseat LV-60 and Ottawa F-42 sandpacks as porous media.  
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Figure  4.23  Schematic of the experimental set-up used for end point saturation 
measurements. 
 
Polymethylmethacrylate Column 
The apparatus consisted of a transparent plastic column, which was 1 m long with an 
inner diameter of 0.02 m. The column was open at both ends, which were sealed 
using two plastic end caps. Each end cap had a small inlet and outlet to allow fluids 
to channel through a 3.175x10-3 m tube that was connected to a steel valve. Figure 
4.24 shows different stages of non wetting fluid invasion (oil dyed red) into a water-
saturated sand column. 
 
Figure  4.24  Sandpack column injected with non-wetting fluid (oil dyed red). 
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Pump 
A Teledyne ISCO 500D syringe pump with an 8.45x10-6 m3/s cylinder capacity, flow 
rate range from 1.67x10-9 m3/s to 3.41x10-6 m3/s, was used in all flooding 
experiments. Flow rate accuracy according to the technical specifications is ± 0.5% 
using water at 13.8 MPa and a temperature controlled environment at 30 °C. 
 
Pressure Transducers 
Druck Digital Process Indicator Pressure Transmitter Model PDCR 810 S/N 2416432 
(0-1.379 MPa) and Model PDCR 810 S/N 23908330 (0-0.689 MPa) differential 
pressure transducers were used during end point saturation experiments. The 
pressure drop across the sandpack column was obtained using these two models. 
The only limitation of using the DPI 280 series is that the applied pressure should not 
exceed the maximum safe working pressure of the equipment (0.689 MPa). 
4.4.2.2 Electrical resistivity 
Quadtech model 7600 RLC (Figure 4.25) was used to measure the electrical resistivity 
for sandpacks. A similar synthetic core plug was used as in the NMR measurements 
(section 4.4.1.2), except that the core was packed using stainless steel end discs 
rather than PTFE discs. A pair of coaxial cables was used to connect the analyzer to 
both ends of the metal ends of the core holder. By applying the sweep test 
frequency, resistance can be measured and hence the electrical resistivity. 
 
Figure  4.25  Quadtech 7600 RLC used to measure the electrical resistivity of 
sandpacks. 
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Micro-CT scan 
Tiny samples, about 0.04 m long and 0.006 m in diameter, were used, which were 
packed in a similar way as sandpack used for the NMR experiment and then scanned 
using an X-ray micro-CT scanner. The resolution of the mini-samples’ images ranged 
from 5 to 10 microns. 
4.4.3 Apparatus for consolidated samples 
Porosity, permeability, FRF and mercury injection capillary pressure measurements 
were conducted on Fontainebleau sandstone samples. The same experiments were 
also performed on the carbonate samples as well as capillary pressure 
measurements by the porous plate method and relative permeability. A composite 
carbonate core was also used for the tertiary recovery flooding experiments to 
assess the efficiency of CO2 injection in carbonate oil fields. 
4.4.3.1 Sample cleaning  
Sandstone and carbonate samples underwent soxhlet and flush cleaning to obtain 
samples that are free of hydrocarbons, water and soluble salts and therefore 
suitable for further analysis.  
 
Soxhlet cleaning 
A mixture of toluene and methanol was used in order to clean the samples. A 
heating case, round flask with ceramic bits, soxhlet extractor, cooler and 
temperature sensitive device were used to set up the soxhlet cleaner as shown in 
figure 4.26. 
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Figure  4.26  Soxhlet extractor apparatus used to clean consolidated samples. 
 
Flush cleaning 
Flush cleaning is a gentle method for the removal of hydrocarbons (heavy, waxy or 
asphaltic crudes) and formation water salts from core plugs. The sample is loaded in 
a core holder and hocked to the apparatus (figure 4.27) for flush cleaning. 
 
Figure  4.27  Flush cleaning apparatus. The sample is put in a heating bath and the 
temperature is raised to reservoir condition then solvents are flown 
through the sample. 
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4.4.3.2 Mercury injection capillary pressure 
A 2002 Autopore IV 9520 machine is employed to measure the primary drainage 
capillary pressure. This mercury-injection method can be used on samples of varying 
dimensions, from small end trims in the steel pycnometer, to whole 0.038 m 
diameter core plugs mounted in the core holder (figure 4.28). 
 
Figure  4.28  Mercury-injection measurement in both the core holder and the 
pycnometer. 
 
Specification of the 2002 Autopore IV 9520 
Low Pressure 
Pressure: 0 to 2 MPa 
Resolution: 69 Pa 
Pore Diameter: 3.6x10-4 m to 3.6x10-6 m 
Transducer Accuracy: ± 0.1 % of full scale 
High Pressure 
Pressure: Atmospheric to 400 MPa 
Pressure Resolution: 2068 Pa from 34 to 400 MPa, 689 Pa from atmospheric to 34 
MPa. 
Pore Diameter: 3.6x10-4 to 3x10-9 m. 
Transducer Accuracy: ± 0.1 % of full scale 
Intrusion 
Resolution: better than 0.1 µL 
Accuracy: ± 1 % of maximum pentrometer stem 
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4.4.3.3 Capillary pressure measurement by the porous plate 
method 
Drainage and imbibition capillary pressure measurements using the porous plate 
method are performed, reproducing the displacement process during primary oil 
migration and waterflooding in the reservoir. A step-wise pressure difference is 
established between the two phases in the core, and the saturation is determined by 
equilibrium at each step. Figure 4.29 describes the capillary pressure experiment, 
where the drainage takes place while the core plug is mounted in a core holder 
surrounded by a flexible hose and exposed to a confining pressure. At the lower end 
surface of the core, a semi-permeable membrane is mounted, which is able to 
withstand the maximum drainage pressure used during the test. Because electrical 
measurements are to be taken during drainage, the plate was painted with a 
solution of metallic silver before being saturated. An approximately 0.002 m wide 
stripe around the plate was painted as shown in figure 4.30. This is used to give good 
electrical contact between the upper end cuts and the core. A contact medium was 
placed between the core and the membrane in order to insure good capillary 
contact. This medium must be able to maintain the capillary contact at the maximum 
drainage pressure used during the test. A micro burette separator is connected to 
the discharge side of the core to record the quantity of the water produced. 
 
Figure  4.29  Experimental apparatus used for capillary pressure and electrical 
resistivity measurements. 
87  
 
Figure  4.30  Silver painting of the porous plate to increase the electrical 
connectivity. 
 
4.4.3.4 Relative permeability 
A steady state apparatus was used to measure carbonate relative permeability. A 
schematic sketch of the flooding apparatus is shown in figure 4.31. A relative 
permeability rig consists of a pumping system, a two-phase separator and 4 core 
holders. 
 
Pump System 
The pumping system consists of one Pharmacia pump and one Quizix QX pump. The 
pumps are used to recycle water and oil with accurate and pulse free flow. The oil 
pump receives oil from the return line at the top of the separator, while the water 
pump receives water from the bottom of the separator. 
 
Core Holder 
Biaxial core holders (6 MPa maximum overburden pressure) were used. Marcol was 
used as the confinement fluid, and a pressure buffer controls the pressure. The inlet 
and outlet distribution plug has a mutual groove for the water and oil phase. The 
differential pressure entries are placed outside the groove and in direct contact with 
the core end faces (see figure 4.32). 
 
Additional Accessories 
The differential pressure across the plug sample is measured using a high-resolution 
transmitter with adjustable range. To maintain the operating pressure during the 
steady state experiment, a volume change transducer is connected to the system. A 
computer is used for control and data acquisition. Common to the rig is a γ-ray 
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saturation-monitoring unit. A schematic drawing of the γ-ray system is given in figure 
4.33. The γ-ray beam goes through the plug sample, and a scintillation detector 
detects the intensity of the beam. As the γ-ray attenuation depends on the density of 
matter through which the beam passes, this measured intensity will vary with the 
saturation of the fluids present within the core sample. The γ-rays are generated by a 
radioactive source, a 200 mCi 241Am mounted in a steel screen with a collimated 
opening. A 0.5”x 2.0” NaI(TI) scintillation detector with a photomultiplier is 
connected to a single channel analyser and a spectrum discriminator, which 
determines the intensity of the γ-ray beam. This whole unit is called the γ-ray 
scanner, which is moved along the core sample by a stepper motor. 
 
Fluid saturation was measured at every 0.002 m along the core axis. The calculated 
saturation at each of these positions provides a saturation profile for the samples. 
This experiment was carried out at ResLab Norway using their apparatus. 
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Figure  4.31  Steady state relative permeability apparatus with in-situ saturation 
measurement. 
 
90  
 
Figure  4.32  The groove in the distribution plug. 
 
Figure  4.33  γ-ray scanner system used to monitor saturation. 
 
4.4.3.5 Efficacy of CO2 injection 
The high pressure high temperature apparatus consists of an oven, pumps, core 
holder, PVT cell and high pressure sample station. 
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Figure  4.34  High pressure high temperature apparatus for tertiary recovery 
experiments. 
 
4.5 Experimental procedure 
4.5.1 Common experimental procedures 
This section describes the common procedures used for consolidated and 
unconsolidated samples. 
4.5.1.1 Brine preparation 
All the glass vessels used should be cleaned with de-ionized water and methanol and 
dried in order to get rid of any residual salts. 
1. Starting with the most soluble salts (generally NaCl), the given salt is weighed 
up to the 2nd decimal place and added to the de-ionized water while it is 
being stirred continuously. 
2. Before adding another salt in the solution it is ensured that the salt added 
previously is dissolved completely. 
3. After the addition of all the salts, the flask is closed from top and the brine is 
left for mixing for at least two hours. 
4. Once it is ensured that all the salts are properly mixed, the brine is filtered. 
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5. Any turbidity or milky colour in the brine represents incomplete mixing. 
6. Filtration is carried out using 0.45/0.8 µm filter paper. The filtration flask is 
connected to the vacuum pump and the filtration is performed with 
continuous vacuuming. 
7. After filtration, the brine has to be degassed in order to remove the dissolved 
air inside the brine. This is also performed using the vacuum pump and 
continuous stirring. Normally the degassing continued for 25-45 minutes. 
4.5.1.2 Saturating the samples 
Saturation pressure flask 
1. Weigh the core plugs. 
2. Place the core plugs into the pressure-saturation flask. 
3. Fasten the cap to the pressure-saturation flask, and connect it to the vacuum 
station. 
4. Connect the pressure-measuring device to the pressure-saturation flask. 
5. Create a vacuum for a minimum of 30 minutes. 
6. CO2 is added to achieve a more effective saturation. Create a vacuum 
according to Pt. 5. When evacuating low-permeability core plugs, this step 
should be repeated. The vacuum process should also be conducted for a 
longer period of time with low-permeability plugs. 
7. Add degassed synthetic formation water. 
8. Remove the flask from the vacuum station, and flood with formation water 
from the bottom up to avoid gas from being formed. 
9. Establish 5 MPa in the flask with the pump. 
10. Allow the flask to stand with the pressure for a minimum of 4 hours. 
11. Measure the weight of the core plugs at 100 % water saturation. 
 
Flood saturation 
1. Weigh the core plug. 
2. Mount the core plug into the core holder and pressurize the sleeve. 
3. Flood with formation water carefully using the pump. 
4. Pump the line pressure up to 1 MPa. 
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5. Open the discharge valve and flood the plug with 1 MPa back pressure, a 
minimum of 10 pore volumes should be flooded through the core. Adjust the 
flooding rate to the permeability of the core. 
6. Release the back pressure carefully until atmospheric conditions are reached. 
7. Record the weight of the plug if it is to be dismounted from the holder. 
4.5.1.3 Formation Resistivity Factor 
The resistivity of 100% water saturated core plugs was measured by a Hewlett-
Packard LCZ meter by performing one-frequency measurements (10 kHz). 
Impedance, phase angle and temperature were recorded.  
 
Using brine resistance, cross-sectional area of the sample and the potential electrode 
gap, resistivity of 100 % water saturated core plug (Ro) was calculated as follows: 
 θcos⋅⋅= oO ZEL
AR         4.2 
where: 
  oZ  = Impedance of 100 % water saturated sample ( Ω ) 
  A  = Sample cross sectional area (m2) 
  EL  = Electrode gap (m) 
  θ  = Phase angle 
 
Formation Resistivity Factor (FRF) was calculated as the ratio of Ro/Rw and plotted 
against porosity (φ). 
 
w
o
R
RFRF =           4.3 
where 
  oR  = Resistivity of 100 % water saturated core plug ( mΩ ) 
  wR  = Resistivity of simulated formation brine ( mΩ ) 
 
Individual cementation exponents (m) were calculated using: 
 )log(
)log(
φ
FRF
m −=          4.4 
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The composite cementation exponent (m) was calculated as the gradient of the best 
fit line using forced fit regression through an intercept of 1 on the FRF axis, in 
accordance with the Archie formula: 
 
m
FRF φ
1
=           4.5 
where: 
  φ  = Porosity 
  m  = Cementation exponent 
 
Reduction in Pore Volume 
In order to relate measured FRF to cementation exponents for the investigated core 
plugs, the reduction in pore volume from 2 MPa up to net reservoir overburden 
pressure (i.e. 18 MPa, for the carbonates) was recorded. 
 
The outlet end of the core was connected to a micro burette to measure brine 
squeeze out and pore volume reduction. The confining pressure was gradually 
increased in steps up to desired overburden pressure allowing water to expel into 
the micro burette until equilibrium is attained.  
 
When the required overburden pressure was reached, the system was left to 
stabilize until achieving convergence. During this period, the volume of brine 
expelled and the sample impedance were measured at regular intervals.  
4.5.1.4 NMR 
1. The water saturated sample was wrapped in cling-film to prevent fluid loss by 
evaporation. 
2. The sample was placed in an oven at 30oC for several hours until temperature 
equilibrium was reached. 
3. The sample was then placed into the MARAN2 sample chamber and the NMR 
measurement was started 
4. The CPMG pulse sequence to perform the T2 relaxation measurement was 
selected.  
5. The acquired raw data was fitted with the DXP programme. 
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4.5.2 Experimental procedure for unconsolidated samples 
Described below is the experimental procedures performed on the sandpacks, 
Leavenseat LV60 and Ottawa F42, used in this study. 
4.5.2.1 Sand Packing 
Packing Sand column 
The total sand volume was poured directly into the column through a funnel 
connected to a plastic tube reaching the bottom of the column. Then the plastic tube 
was slowly pulled up so that the sand deposition was expected to be homogeneously 
packed. Compression was generated with a vibrator and a long stick to confine the 
sandpack. Compression of column takes at least one hour to deliver a homogeneous, 
tightly-packed column. 
 
Packing Sand core plug 
Approximately 0.01 m of heat-shrink PTFE thermo plastic sleeve (Ergo Tech) was cut 
and placed onto a solid metal cylinder. The cylinder was then placed into an oven at 
100oC for 20 min. The sleeve was carefully removed from the cylinder once the 
sleeve shrank to the outside diameter of the metal cylinder, a perforated PTFE disc, a 
plastic mesh and two pieces of circular filter paper were placed on one end of the 
sleeve. The sleeve was filled to about two-thirds with sand and the sample was 
constantly vibrated using an electric vibrator to increase compaction. The sleeve was 
then filled completely to the top and the packing process was repeated. Two pieces 
of circular filter paper, plastic mesh and a perforated PTFE disc were placed on the 
other end of the sample. Pressure was applied to both ends of the plug to increase 
compaction. The sample was compressed with a G-clamp and placed into an oven at 
80oC for 20 minutes. The sleeve material was trimmed to leave a small lip to ensure 
the plastic end discs remain in place. 
4.5.2.2 Porosity 
Porosity is defined as the measure of the storage capacity of a reservoir. It is the 
ratio of pore volume over bulk volume.  
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volumeBulk
volumePore
=φ          4.6 
 
Pore Volume 
The pore volume Vp can be obtained as follows: 
 
sand
sand
BGBP
mVVVV
ρ
−=−=         4.7 
where: 
  VB = bulk volume, m
3 
  VG = grain volume, m
3
 
  msand = mass of sand, kg 
  ρsand = density of sand, kg.m
-3 
 
The average pore volume was determined by calculating the arithmetic mean of four 
different pore volumes. The first pore volume was computed via the grain volume 
route, i.e. the mass of the sand was measured and divided by the density of the 
sand. The second pore volume was determined by weighing the column with dry and 
saturated sand. The mass difference divided by the brine density, which is measured 
for each experiment, results in the second pore volume. The third pore volume was 
determined by the difference in injected and collected brine volumes. The fourth 
pore volume was determined by the difference in injected brine volume and 
collected brine mass, with the brine mass divided by the brine density to obtain the 
corresponding brine volume. 
 
Bulk Volume 
The bulk volume of the sandpack was determined by measuring the mass difference 
between dry and completely filled column with brine of known density, taking care 
that all air was displaced. 
 
Porosity was measured on both small cores and 1 m long plastic sandpack columns 
and consistent results were observed.  
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4.5.2.3 Permeability 
The 100% saturated column was oriented horizontally and a de-aired brine was 
injected into the sandpack column at three different flow rates, 5.00x10-8, 1.67x10-8 
and 8.33x10-8 m3.s-1. The absolute permeability was measured using Darcy’s law 
after the pressure drop stabilized. 
 
L
PAKQ
∆
∆
−=
µ
         4.8 
where: 
  Q = flow rate, m3.s-1 
  K = permeability, m2 
  A = cross-sectional area, m2 
  P = pressure, Pa 
  L = length, m 
  µ = fluid viscosity, kg. m-1.s-1 
4.5.2.4 End-point saturations  
Procedure 
1. By recording the mass difference before and after packing, the porosity was 
calculated.  
2. The column was flushed with CO2 for 45 minutes prior to injection of brine to 
displace air. Since CO2 is soluble in water, this method ensures that all 
trapped gas is completely removed.  
3. The column was oriented horizontally and 5 pore volumes (PV) of de-aired 
brine as the wetting phase fluid were injected into the sandpack column at a 
flow rate of 8.33×10-8 m3.s-1, allowing gas to escape from the outlet. 5 pore 
volumes were injected until full saturation was reached. Back pressure was 
applied using a needle valve to insure good saturation. 
4. The absolute permeability was measured for three different flow rates, 
5.00×10-8, 1.67×10-8 and 8.33×10-8 m3.s-1. Three readings for each flow rate, 
each point after 30-40 minutes, were recorded after the pressure drop 
stabilized. 
5. The brine volume produced was measured. 
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6. The column was weighed. From the difference in weight before and after 
flooding, the volume of brine in the column was calculated and compared 
with the measured volume of brine in step 5 to ensure accuracy. The porosity 
was calculated via the pore volume route with the brine volumes measured 
under point 5 and 6. 
7. Five PV of de-aired n-octane as the non-wetting phase fluid were injected 
into the saturated column at a flow rate of 8.33×10-8 m3.s-1. 
8. Brine and n-octane volumes produced were measured. 
9. The column was weighed. From the difference in weight before and after 
octane flooding, the volume of octane in the column was calculated and 
compared with the measured volume of octane in step 8 to ensure accuracy. 
The initial water saturation (Swi) was calculated in two ways – via volume and 
mass balance. 
10. De-aired brine was injected to displace the non-wetting phase using the same 
flow rate. 
11. Brine and n-octane volumes produced were recorded. 
12. The column was weighted. Sor was calculated in an analogous way to Swi (cp. 
step 9). 
 
Data Analysis 
Initial water saturation 
The initial water saturation, Swi, was measured by mass difference with an accuracy 
of ± 1.0x10-5 kg and volume difference with an accuracy of ±1.0x10-5 m3. 
 SwBVm ρφρφ )1(1 −+=         4.9 
where: 
  φ = porosity, fraction 
  VB = bulk volume, m
3 
  ρW = density of water, kg.m-3 
  ρS = density of sand, kg.m-3 
  m1 = mass of sand fully saturated with water, kg 
 
 [ ] SowwwB SSVm ρφρρφ )1()1(2 −+−+=       4.10 
where: 
  Sw = water saturation, fraction 
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  ρo = density of oil, kg.m-3 
  m2 = mass of sand fully saturated with water and oil, kg 
 
Subtracting equations 4.9 and 4.10: 
 [ ]owwwB SSVmm ρρφ )1()1(21 −−−=−      4.11 
 
Therefore, equation 4.11 becomes: 
 )(1
21
ObrineB
w V
mmS
ρρφ −
−
−=         4.12 
 
The water saturation by volume balance was calculated as: 
 
P
collectedwater
w V
V
S =         4.13 
where: 
  Vcollected = collected water, m
3 
 
Residual oil saturation 
The residual oil saturation was measured via mass balance with an accuracy of ± 
1.0x10-5 kg and volume balance with an accuracy of ± 1.0x10-6 m3.  
 ow SS −= 1           4.14 
where: 
  So = oil saturation, fraction 
 
And by volume difference was calculated by: 
 
P
collectedoil
o V
V
S =          4.15 
4.5.3 Consolidated samples experimental procedures 
In this section, the experiment performed on Fontainebleau sandstones and Middle 
Eastern carbonates will be described. 
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4.5.3.1 Cleaning 
Soxhlet Cleaning 
All consolidated samples underwent standard soxhlet cleaning using toluene and 
methanol to remove water, oil and salts. Cleaning in toluene continued until the 
solvent did not discolour. To check if the cleaning was complete, all samples were 
viewed under ultra violet light to ensure that they produced no fluorescence due to 
remaining hydrocarbons. 
 
During methanol cleaning, a few drops of silver nitrate were added to a sample of 
the solvent in a test tube. If the solution remained clear then the removal of residual 
salts was considered to be complete, and the samples were deemed clean. 
Otherwise, if the solution turned milky white in colour, then salts were still present, 
and the cleaning continued. 
 
Flush cleaning 
After soxhlet cleaning, the samples were loaded in core holders and flush cleaning 
was commenced. Flush cleaning process was performed using series of hot miscible 
cycles of solvents such as toluene, a mixture of toluene and methanol (50:50), and 
methanol only. 
4.5.3.2 Mercury injection capillary pressure on trims 
In order to perform the mercury injection capillary pressure measurements, small 
trims (about 0.10 m in diameter and 0.04 m long cut from the samples) were cut 
from the samples. The trimming was also useful to flatten the sides of the sample. 
 
 
Figure  4.35  Core trims used for mercury injection capillary pressure experiment. 
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Procedure 
Mercury injection capillary pressure data has been measured for clean dry trims 
from each sample using a Micromeritics Autopore IV 9520. 
 
Samples are weighed, loaded into the selected penetrometers and installed into the 
low-pressure ports. Pressure steps are selected for the analysis.  
Gases are evacuated from the penetrometers, which are then automatically back 
filled with mercury. The pressure is then increased, following the selected pressure 
steps, up to the last low pressure point specified.  
 
The penetrometers are then removed and loaded into the high-pressure ports. The 
pressure then increased up to 400 MPa, following the selected pressure steps. Pore 
volume data are collected by determining the volume of mercury remaining in the 
penetrometer stem. As the pressure increases, mercury invades into the pore 
structure, vacating the stem. The volume of mercury in the penetrometer stem is 
measured by determining the penetrometers electrical capacitance. 
 
Data Analysis 
Mercury saturations corresponding to each pressure step are collected by 
determining the volume of mercury remaining in the pentrometer stem. As the 
pressure increases, mercury invades into the pore structure, vacating the stem. The 
volume of the mercury in the pentrometer is measured by determining the 
pentrometers electrical capacitance. 
 
The mercury porosimetry is based on the capillary law governing liquid penetration 
into small pores. This law is expressed by the Young-Laplace equation: 
 





+=
21
11
RR
Pc σ          4.16 
where: 
  Pc = Capillary pressure, N/m
2
 
  σ = Interfacial tension, N/m 
  R = Radii of curvature at a fixed point of arbitrary surface, m 
102  
 
Figure  4.36  Typical cylindrical pore tube model [118]. 
 
For a cylindrical pore the capillary pressure is [119] 
 
r
Pc
θσ cos2 ⋅
=          4.17 
where: 
  Pc = Capillary pressure, N/m
2 
  σ = Interfacial tension, N/m 
  θ = Contact angle 
  r = Radius of the capillary tube, m 
 
In the case of the mercury injection capillary pressure analysis, the capillary pressure 
will be expressed by: 
 AirHg PPPc −=          4.18 
Since the test is initiated from vacuum, AirP ≈  0 and equation (4.18) reduces to 
 
i
AirHg
HG
r
PPc
θσ cos.2 /
==         4.19 
By solving equation (4.19) for ri, the following simple expression for pore size is 
obtained: 
 
Hg
i P
r
θσ cos.2
=          4.20 
where: 
  ri = Pore radius, m 
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  σ = Interfacial tension, N/m 
  θ = Contact angle. 
  PHg = Mercury injection pressure, Pa 
 
Permeability and porosity calculated from mercury injection 
The permeability calculation from the mercury injection is based on Swanson [120]. 
Swanson showed that by drawing a line at 45°, tangent to the hyperbolic plot 
between mercury saturation vs. capillary pressure, the portion of the sample 
effectively contributing to fluid flow is determined. The permeability data could then 
be estimated from the following power law approximation: 
 
691.1399
Ac
b
MICP P
Sk 





=         4.21 
where: 
  kMICP = Permeability calculation from the mercury injection, mD. 
  Pc = Capillary pressure, Pa 
  Sb = Mercury saturation, % of bulk volume 
  A = Maximum value of Sb/Pc derived from the intersection between the 
  45˚ line and the hyperbolic plot. 
 
There is enormous uncertainty related to this approach, especially for low 
permeability samples. In general, the true permeability for a sample is given within a 
range of: 
 trueMICP
true KKK 96.1
96.1
<<        4.22 
To establish the porosity given from the mercury injection, the bulk volume and the 
total intrusion volume are used:  
 
b
MICP V
Vint
=φ          4.23 
where: 
  Vint = Total intrusion volume in m
3, corrected for surface voids. 
  Vb = Bulk Volume of sample, m
3. 
 
The total volume of mercury in the penetrometer when switching from the low 
pressure to the high pressure port is given by:  
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Hg
Hg
wV ρ
∆
=           4.24 
where: 
  ∆w = Difference in weight of the system described in the situation D and B 
  in figure 4.37. 
 
Figure  4.37  Schematic illustration of the mercury injection process [121]. 
 
The weight of system C and D is equal, since the nitrogen pressure applies on the 
mercury works on a closed system. The total volume of mercury in the penetrometer 
in situation D therefore represents: 
 VHG = Vpen - Vb → Vb = Vpen - VHG       4.25 
where: 
  Vpen = Volume of selected pentrometer, m
3
. 
  VHg = Volume of mercury in the pentrometer, measured when switching 
  from the low pressure to the high pressure port, m3 
 
By substituting (4.24) into (4.25), the bulk volume is given by: 
 


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ρ
         4.26 
where: 
  ρHg = Density of mercury, kg/m
3. 
 
Converting Pc Hg/Air to Pc oil/brine 
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Honarpour et al. [122] have discussed the complexity of obtaining a consistent set of 
drainage capillary pressure curves from the different techniques available. Although 
the experimental procedures are well established, the measured drainage Pc curves 
using different techniques are not always consistent and conflicting data are often 
encountered (e.g., when comparing data from different fluid pairs for the same rock 
or data from different measurement techniques). One of the reasons for the 
discrepancies is due to the ineffective core cleaning (a particular challenge for 
carbonates) to establish correct wettability conditions mimicking the primary 
drainage process in the reservoir. Another uncertainty lies in the procedure to 
convert measured Pc curves using different fluid pairs and/or different experimental 
conditions. 
 
The Hg-air Pc curves can be converted to oil-water drainage Pc curves using equation 
4.27 below. 
 
For converting mercury-air Pc curves into water-oil or water-air Pc, both IFT and 
contact angle of different fluid pairs are substituted in equation 4.27. The IFTs 
between different fluids can be accurately measured using established techniques; 
however, contact angles cannot be measured directly on reservoir rocks. Contact 
angles measured on polished mineral surfaces are not likely to represent reservoir 
rocks even for the water-wet case due to the impact of surface roughness. 
 
In the literature, contact angles of 140, 30, 0 and 0 have been used for mercury-air, 
reservoir oil-water, refined oil-water and water-air, respectively [29, 122]. There is 
no experimental or theoretical support evidence for these assumptions. In order to 
check the validity of these assumptions Masalmeh and Jing [123] have measured 
capillary pressure curves using four different fluid pairs, i.e., mercury-air, water-air, 
water-oil and water-decane on the same samples. They have also measured IFT 
between the different fluid pairs (used literature data for the mercury-air) at the 
different experimental conditions. Using equation 4.27, the only un-known is the 
ratio of the cosine of the contact angles. The measured IFT values between the 
different fluid pairs were 480, 72, 27 and 52 mN/m for mercury-air, water-air, water-
oil and water-decane, respectively. The best match between the measured Pc curves 
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was obtained using the same effective contact angle for the different fluid pairs in 
equation 4.27, i.e., cos (θ) cancels out. 
 
Therefore, in our study, as similar samples were used to the samples in literature, we 
assumed that the contact angels of both mercury/air and oil/brine are the same. 
 AirHg
AirHgAirHg
BrineOilBrineOil PPc /
//
//
.
cos
cos
θσ
θσ
=  AIRHgPPc /485
31
⋅=    4.27 
where: 
  Pc = Capillary pressure, Pa. 
  σ = Interfacial tension, N/m. 
4.5.3.3 Porosity and permeability measurements 
Helium porosity / grain density analysis 
The grain volume of the plug sample was measured using a calibrated helium gas 
porosimeter. Prior to acquiring each set of data, the porosimeter was checked for 
potential leaks. The apparatus was then calibrated using eight stainless steel discs of 
known volumes and the linear relationship between pressure and volume was 
calculated. The samples were then loaded into the matrix cup for grain volume 
measurements. 
 
Helium was then expanded into the matrix cup and the transducer reading was 
allowed to stabilize before the readings were taken. 
 
Bulk volumes were calculated by immersing the core plug in mercury and the volume 
of mercury displaced by the sample was determined gravimetrically (Archimedes’ 
principle). These data used in combination with the weights of the samples, yielded 
porosity and grain density values. 
 
The helium porosity and grain density were calculated using the following equations: 
 
GV
WtdensityGrain =        4.28 
 
BV
PVPorosity =          4.29 
where: 
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  PV = pore volume in m3 = (BV-GV)  
  BV = bulk volume in m3 (measured directly using length and diameter of 
  the sample) 
  Wt = mass of sample in kg 
  GV = grain volume in m3 calculated using a calibrated helium gas volume 
  expansion 
 
Gas permeability analysis 
Gas permeability was measured using a calibrated steady state permeameter with 
nitrogen gas as the flowing medium. The flow was allowed to stabilise before the 
readings were taken. The Hassler pressure for sealing the samples was 2 MPa. The 
gas permeability was calculated using Darcy's law. 
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       4.30 
where: 
  L = Length of sample in m 
  D = Diameter of sample in m 
  A = Cross sectional area of sample in m2 
  µ = Viscosity of gas in kg.m-1.s-1 
  PA = Atmospheric pressure in Pa 
  P1 = Corrected upstream pressure in Pa 
  P2 = Corrected downstream pressure in Pa 
  Q = Flow rate in m3/s 
 
Fluid permeability 
1. Mount the sample in a core holder and link to permeability apparatus. 
2. Begin flooding at an appropriate rate (to be sure that the pressure is not too 
high). Record the drop in pressure and the temperature at stability. 
3. Change to the next flooding rate, and record drop in pressure and 
temperature. Repeat this 4 times. 
4. At the final flooding rate: lower the line pressure to atmospheric pressure, 
and check that the differential pressure is the same. If the differential 
pressure at flooding against atmospheric pressure is greater than at flooding 
against back pressure, then there may be air in the system. The core must 
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then be flooded against back pressure until all the gas is removed, and the 
permeability is measured once again. 
 
The permeability at each measurement is calculated from the following equation: 
 PAlQk ∆= /µ          4.31 
where: 
  k = Permeability, m2 
  Q = Rate, m³/s 
  µ = Viscosity, kg.m-1.s-1 
  L = Plug length, m 
  ∆P = Drop in pressure, Pa 
  A = Area of core cross-section, m² 
4.5.3.4 Capillary pressure and resistivity index 
Drainage cycle 
Oil/water capillary pressure and resistivity index versus water saturation were 
determined at ambient temperature and a net overburden pressure of 18 MPa. 
Upon completion of the FRF measurement, a porous plate saturated with simulated 
formation brine was placed at one end of the core plug to de-saturate the sample. 
The porous plate was painted with conductive paint to enhance electric conductivity 
and a kaolin paste (mixture of kaolin and formation water) was placed between the 
plug sample and the porous plate to enhance capillary contact. To avoid the plug 
samples from getting contaminated with the kaolin paste, a piece of tissue was 
placed between the paste and the plug sample. The porous plate’s resistivity was 
determined by subtracting the resistivity of the plug sample (100% saturated with 
simulated formation brine) from the resistivity measured after the porous plate was 
loaded with the plug sample. This process is essential in order to subtract porous 
plate’s resistivity from the subsequent measurements. 
 
The valve on the exit platen of the core holder was then connected to a graduated 
test tube. A small amount of oil was placed in the test tube to act as a film 
preventing any possible evaporation of the brine when displaced from the plug 
sample. 
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The core plugs were de-saturated using mineral oil by increasing the capillary 
pressure in steps and recording resistivity at each saturation step. The volume of 
brine expelled was recorded and from equation 4.32 the sample saturation was 
calculated. 
 
PoreVolume
ledBrineExpelPoreVolumeSw −=       4.32 
 
The sample resistivity (Rt) was determined as follows: 
 
EL
AR
R ct =           4.33 
where: 
  Rc = sample resistance (Ohm.m) 
  A = sample cross sectional Area (m2) 
  EL = electrode gap (m) 
 
The ratios of these Rt values to the previously determined Ro values were used to 
calculate the formation resistivity indices (FRI): 
 
o
t
R
RFRI =           4.34 
 
These FRI values (for each sample) were plotted against brine saturation (Sw) on 
graphs with logarithmic axes and the gradient of the best-fit line through was 
calculated. Each gradient is quoted as the saturation exponent (n) for that sample in 
accordance with Archie's formula: 
 
n
wS
FRI 1=           4.35 
 
Spontaneous imbibition 
At equilibrium at the highest capillary pressure, the plug samples underwent 
spontaneous imbibition. The plugs were allowed to imbibe brine spontaneously 
(positive capillary pressure) at ambient temperature and net overburden pressure. 
This was performed by decreasing the capillary pressure in steps (from 0.7 MPa to 
zero) and recording resistivity and volume of brine imbibed at each saturation. 
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Forced water injection 
After attaining equilibrium data (stable water reading and stable resistivity) at zero 
capillary pressure, the water valves were shut. The confining pressure was then 
carefully lowered to zero allowing the sample to suck oil slowly to fill the increasing 
pore volume. The porous plate was then removed and an oil-wet porous plate 
saturated with lab oil was installed. This new porous plate was painted with 
conductive paint and a Kieselguhr paste (mixture of Kieselguhr and lab oil) placed 
between the plug sample and the porous plate to enhance capillary contact. To avoid 
the plug samples from getting contaminated with the Kieselguhr paste, a piece of 
tissue was placed between the paste and the plug sample.  
 
The samples were then saturated with brine by forcing water into the samples. This 
was done by increasing the water pressure over the oil pressure and the capillary 
pressure becomes negative. A negative capillary pressure means that a larger water 
injection pressure than the oil-phase pressure has to be applied to remove oil from 
the sample. Hence, the capillary pressure was decreased in steps; and resistivity and 
volume of brine imbibed were recorded at each saturation.  
4.5.3.5 Relative permeability 
A core plug is flooded with brine and oil at a specified fractional flow. The flooding is 
continued until equilibrium is reached (steady state). After reaching equilibrium, the 
fractional flow of water is increased.   The total rate (sum of the oil and water rate) is 
kept constant. At each steady state, the flow-rate, differential pressure, temperature 
and saturation fraction for each phase in the core plug were recorded, from which 
the relative permeability is calculated using Darcy’s Law. 
 
Procedure 
1. Doped synthetic formation brine was prepared after filtration and de-gasing. 
2. The sample was flooded with doped brine. 
3. Water permeability, Kw, was measured at four flow rates. 
4. The rig was filled with the appropriate fluids, and the attenuation coefficients 
for oil and water were measured. 
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5. The plug sample was placed in the core holder and mounted in the rig. A line 
pressure is established. 
6. Oil end-point relative permeability, kro(Swi), was measured by flooding oil. The 
plug was flooded with oil for 24 hours before the experiment begins. 
7. Suitable cross-section of the core plug for measuring γ ray intensity was 
selected. Then the number of counts over a given time interval at each 
suitable cross-section was recorded.  
8. A scan of the plug at Swi was taken and simultaneous flooding of the fluids 
was commenced. 
9. The experiment began with the first proportion of ingredients between oil 
and water. Stability was assumed to be reached when ∆P < 1% for 1 hour, 
and the change in saturation is < 1% for 4 hours. A scan was taken and 
pressure, temperature and the separator level were recorded. 
10. Five steady state imbibition fraction points, as well as endpoints, were 
flooded in order to construct the kr-curves. 
11. Fluid saturation was measured continuously by in-situ saturation (γ-ray 
intensity). 
12. Water end-point relative permeability, krw(1-Sor), was measured at decreasing 
flow rates. 
13. The saturation was checked with Karl Fischer titration followed by cleaning of 
core plug.  
 
Data interpretation 
Attenuation coefficients 
Attenuation coefficients are measured in machine engineered calibration cells of 
known internal diameter (3.8x10-5 m): one containing air, one containing formation 
water and one containing the test oil. The attenuation coefficient is calculated by 
equation 4.36 to give a relative coefficient to air. 
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where: 
  I = R.∆t 
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  R = counting rate, m3 
  ∆t = counting time, s 
  J = fluid in calibration chamber (e.g. oil, water, etc.) 
  ID = the calibration chambers inner diameter, m 
 
Porosity 
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where: 
  φ = porosity in current cross section 
  Id = counts on core 100% saturated with doped phase 
  Ind = counts on core 100% saturated with non-doped phase 
  Xc = mean core diameter, m 
  αd = attenuation coefficient of doped phase  
  αnd = attenuation coefficient of non-doped phase 
 
Saturation 
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where: 
  Ic = counts on core at a specific time interval 
  Iw = counts on core 100% saturated with formation water 
  Io = counts on core 100% saturation with test oil phase 
 
Karl Fisher flooding 
Karl Fischer titration is used as saturation check and for cleaning of core plug. A one 
litre bottle for the core holder was prepared with a stopper to prevent fluid 
evaporation. 
 
 
1. The empty bottle was weighed and denoted by W1 
  W1→ empty bottle 
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2. The sample was flooded with 2x10-5 m3 toluene and the toluene was weighed 
in the bottle and denoted W2 
  W2 → bottle + toluene 
3. The sample was then flooded with 6x104 m3 (50/50 volume toluene + 
methanol) and weighed 
  W3 → bottle + toluene + methanol 
4. Then 2x104 m3 pure methanol flooded the sample and weighed 
  W4 → W3 + additional methanol 
5. The collected effluent solution was mixed and shaked very well.  
6. A known weight of solution was extracted for titration 
 
The pure methane and pure toluene were titrated to quantify amount of water in 
solvent. 
4.5.3.6 Wettability alteration 
After draining the sample with mineral oil, the sample was put in an oven at elevated 
temperature, 120oC, and crude oil was flooded to replace the mineral oil. 10 PV of 
crude oil was injected into the sample and production was monitored to make sure 
that no more mineral oil was in the sample. The sample was kept in crude oil at 
elevated temperature for two months. 
 
Then the oven’s temperature was decreased to 60°C and flooded with decalin at a 
flow rate of 5.5x10-10 m3/s. The amount of flooded decalin was approximately 4x104 
m3. Then the sample was flooded with laboratory oil at flow rate of 5.5x10-10 m3/s 
and at an amount of 5x104 m3 of laboratory oil. The sample wettability was assumed 
to be altered to oil-wet and ready to commence the experiments. 
4.5.3.7 Enhanced oil recovery by tertiary gas injection 
Reservoir condition core flooding tests have been performed using a composite core 
plug. The core was cleaned and saturated with brine. The sample was then de-
saturated and aged with crude oil for four weeks to restore the wettability of the 
reservoir, as described in section 4.5.3.6. 
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The aged sample was flooded with brine and then hydrocarbon gas flood, WAG and 
CO2 flooding was applied. 
 
Preliminary procedure 
Reservoir condition core flooding tests used a composite, 0.5 m long and 
approximately 0.036 m in diameter, core plug. These plugs had been cleaned using 
solvent. Then, the plugs were degassed, brine saturated and porosity and absolute 
permeability were measured.  
 
Initially 0.5 MPa capillary pressure was applied to the samples using the porous plate 
method. This application of pressure was applied to obtain the initial water 
saturation, Swi. 
 
Each plug was de-saturated using laboratory oil (Isopar-L) by applying a constant 
capillary pressure of 0.5 MPa. The composite sample was raised to 120°C and a pore 
pressure of 20 MPa. Laboratory oil was displaced from the core with decalin, to 
avoid precipitation of asphaltene, followed by crude oil. The composite was aged in 
reservoir oil for four weeks. 
 
Waterflooding 
Two pore volumes (PV) of brine were injected at a constant rate of 1.1x10-9 m3/s. 
The initial oil saturations for the three vertical secondary water floods were 
calculated. Break-through for all three floods was observed. All secondary water 
floods were stopped at 2 PV injection and average oil recovery was calculated. 
 
Tertiary gas flooding 
Following the secondary waterflooding, hydrocarbon gas injection commenced. The 
injected gas was composed of defined percentages of N2, CO2, methane, ethane, 
propane and n-butane. The produced fluid was diverted into the high pressure PVT 
cell. The high pressure samples were subsequently flashed in a controlled PVT 
laboratory and the oil production was quantified. The resulting gas and oil from the 
single stage flash were also analyzed for composition. 
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At the commencement of gas tertiary injection, produced brine and oil were 
measured from which overall recovery was calculated.  
 
Tertiary WAG flooding 
The test parameters for the WAG experiment were the same as those for the gas 
flood. For the WAG process, a volume equivalent to 0.25 PV was injected (starting 
with 0.25 PV gas injection followed by 0.25 PV brine injection). There were four WAG 
cycles giving a total injection of 2 PV (1 PV gas and 1 PV brine). 
 
At the commencement of tertiary WAG injection, produced brine and oil were 
measured. And henceforth, the total recovery for the secondary brine flood and 
tertiary WAG flood. 
 
Tertiary CO2 flooding 
Following the secondary waterflood CO2 injection commenced. The pressure and 
temperature were such that the CO2 was miscible with the oil. 
 
Approximately one pore volume of tertiary CO2 injection effectively removed all of 
the remaining oil saturation  
 
At the commencement of tertiary CO2 injection, produced brine and oil were 
measured from which recovery was calculated. 
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Chapter 5  
 
Results and discussion: the influence of 
wettability on hydrocarbon displacement 
The objective of this work is to evaluate and extensively study the wettability of a 
Middle Eastern carbonate reservoir and its influence on petrophysical properties. In 
order to do so, we first tested our methodology on sandpacks and sandstones as 
these samples are known to have very homogeneous pore geometry. We also used 
the results as benchmark for validating and calibrating our pore scale modelling that 
has successfully reproduced the experimental data. Once we gained confidence in 
our methodology, we performed the experiments on the heterogeneous carbonate 
samples.  
5.1 Sandpacks and sandstones 
Static and dynamic properties of sandpacks - Leavenseat (LV60) and Ottawa (F-42) 
were measured. The formation factor for these sandpacks was determined using 
electrical resistivity measurements and Archie’s equation. NMR response 
experiments were also conducted on the same sandpacks and the transverse 
relaxation time T2 distribution were inverted from the measured magnetization 
decays. These experimental measurements have served as a benchmark for pore-
modelling studies that have reproduced the experimental data [124]. 
5.1.1 Porosity 
Porosity was measured on both small cores and 1 m long plastic sandpack columns 
and consistent results were observed.  
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Sandpack LV-60 
Porosities of different LV-60 sandpacks were computed and are presented in Table 
5.1. The mean porosity was 37% (± 0.2%) which also showed good consistency with 
NMR measured porosity. 
 
 
Table  5.1  Measured porosities of the LV-60 sandpack column using different pore 
volume calculation methods (cf. section 4.5.2.2). 
Sandpack F-42 
Porosities were also computed for sandpack F-42 and are presented in Table 5.2. The 
mean porosity was 37% (± 0.2%) which also showed good consistency with NMR 
measured porosity. 
 
Table  5.2  Measured porosity of Ottawa F-42 sandpacks. 
 
Fontainebleau sandstone 
Porosities for the Fontainebleau sandstone samples were computed and are 
presented in Table 5.3. These samples are known to have low porosity values. The 
mean porosity for all samples was 9 % (± 0.4%) 
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Plug Bulk volume Grain volume Pore volume Porosity
number cc cc cc %
1 26.46 24.06 2.39 9.04
2 25.14 22.82 2.32 9.23
3 23.92 21.75 2.17 9.07
4 26.69 24.17 2.52 9.45
5 25.99 23.64 2.35 9.04
6 25.22 22.88 2.33 9.25
7 27.04 24.58 2.45 9.08
 
Table  5.3  Porosity measurements of Fontainebleau sandstone. 
 
5.1.2 Permeability 
Two different techniques were used to measure permeability of the sandpacks and 
sandstones. For sandpacks, brine permeability was used, whereas, for sandstones 
gas permeability was used due to the low pore volumes of the Fontainebleau 
samples. 
 
Sandpack LV-60 
The permeability of LV-60 was measured by flooding a 1 m long sandpack column 
with brine and recording the differential pressure. The mean permeability of 3.18 x 
10-11 m2 (± 3x10-13 m2) was observed as shown in table 5.4. 
 
Flow rate ∆p k ∆p k ∆p k
m
3
/s Pa m
2
Pa m
2
Pa m
2
8.33E-08 9.38E+03 3.28E-11 9.72E+03 3.16E-11 9.86E+03 3.12E-11
5.00E-08 5.65E+03 3.26E-11 5.93E+03 3.11E-11 5.93E+03 3.11E-11
1.67E-08 1.86E+03 3.30E-11 1.93E+03 3.19E-11 2.00E+03 3.08E-11
Permeability measurement
Replicate 1 Replicate 2 Replicate 3
 
Table  5.4  Measured permeability values for three replicates for LV60 sandpacks. 
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Sandpack F-42 
The permeability of F-42 was measured using same apparatus used for LV-60 and a 
mean permeability of 3.8 x 10-11 m2 was obtained as shown in table 5.5. 
 
 
Table  5.5  Measured permeability values on Ottawa F-42 sandpacks. 
 
Fontainebleau sandstone 
The permeabilities of the sandstone samples were measured by gas permeameter. A 
mean gas permeability of 1.5 x 10-13 m2 was obtained which in turn is consistent with 
the porosity-permeability correlation curve from the literature [116]. 
 
Table  5.6  Measured permeability values on Fontainebleau sandstone using a gas 
permeameter. 
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5.1.3 Formation Factor 
Sandpack LV-60 
Formation factor and reduction in porosity were measured on two LV-60 sandpacks 
to attain reproducibility. Good reproducible FRF values of 5.0 were obtained for the 
two samples with a cementation exponent of between 1.55 and 1.59. 
 
LV60 A 
Confining pressure Porosity FRF m
Pa
0 0.36 4.89 1.57
2.0E+05 0.36 5.00 1.57
6.0E+05 0.35 4.96 1.55
1.0E+06 0.35 5.03 1.55
1.5E+06 0.35 5.09 1.55
2.0E+06 0.35 5.20 1.55
 
Table  5.7  Reduction in pore volume, FRF and cementation exponent, m, were 
measured at different confining pressures in a stepwise fashion for LV60 
A. 
 
LV60 B 
Confining pressure Porosity FRF m
Pa
0 0.38 4.75 1.59
2.0E+05 0.37 4.85 1.59
6.0E+05 0.37 4.81 1.57
1.0E+06 0.36 4.89 1.57
1.5E+06 0.36 4.94 1.57
2.0E+06 0.36 5.03 1.57
 
Table  5.8  Reduction in pore volume, FRF and cementation exponent, m, were 
measured at different confining pressures in a stepwise fashion for LV60 
B. 
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Sandpack F-42 
Formation factor and cementation exponent factor were measured on two F-42 
sandpacks at ambient condition using Archie’s equation (section 4.4.1.4). The results 
are shown in table 5.9. 
Pressure Porosity FRF m
Pa
Sample 1 0 0.35 5.15 1.54
Sample 2 0 0.35 5.15 1.54
 
Table  5.9  FRF and cementation exponent, m, were measured at ambient pressure 
on Fontainebleau sandstone. 
 
Fontainebleau sandstone 
Formation factor and cementation exponent factor were measured on only two 
Fontainebleau sandstones (samples 1 and 4). The reason is, as shown in table 5.3; 
the Fontainebleau samples are less than 0.02 m in diameter, which made fitting of 
the samples in core holder very difficult. Also, the pore volume value was very small, 
so we have chosen the samples that have the highest porosity values. The results are 
shown in tables 5.10 and 5.11. 
 
Sample 1 
Confining pressure Porosity FRF m
Pa
8.0E+05 0.0897 62.07 1.71
1.0E+06 0.0877 65.04 1.72
2.0E+06 0.0831 66.61 1.69
 
Table  5.10  Reduction in pore volume, FRF and cementation exponent, m, were 
measured at different confining pressures in a stepwise fashion for 
Fontainebleau sample 1. 
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Sample 4 
Confining pressure Porosity FRF m
Pa
6.0E+05 0.0934 55.98 1.70
8.0E+05 0.0893 71.09 1.76
1.0E+06 0.0865 77.35 1.78
2.0E+06 0.0875 83.22 1.77
 
Table  5.11  Reduction in pore volume, FRF and cementation exponent, m, were 
measured at different confining pressures in a stepwise fashion for 
Fontainebleau sample 4. 
 
The results presented in tables 5.7-5.11 can be summarised as follows: 
• For both the sand packs and sandstone samples, applying a confining 
pressure led to a modest decrease in porosity. This is consistent with 
compaction and rearrangement of the sand grains in the samples. The 
decrease in porosity with pressure was more marked for the unconsolidated 
samples, since grain movement alone is sufficient to lower porosity. 
• As the pore space is compressed, the formation factor increases (the pore 
space is less conductive). This is observed with a corresponding increase in 
the apparent cementation exponent. 
5.1.4 Mercury injection capillary pressure 
Mercury injection capillary pressure was measured on Fontainebleau sandstone 
trims only. Drainage capillary pressure curve and pore throat distribution were 
generated. The suggested air/mercury contact angle of 140º and air/mercury 
interfacial tension of 0.485 N/m was used to convert capillary pressure into 
estimated throat radius [125]. Then the mercury/air capillary pressure was 
converted to oil/brine capillary pressure (Equation 4.27). 
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Sample 1 
 
Figure  5.1  Mercury injection data on Fontainebleau sandstone sample1 showing (a) 
oil/brine capillary pressure and (b) pore throat distribution. 
 
Sample 4 
 
Figure  5.2  Mercury injection data on Fontainebleau sandstone sample 4 showing (a) 
oil/brine capillary pressure (b) and pore throat distribution.  
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Sample 6 
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Figure  5.3  Mercury injection data on Fontainebleau sandstone sample 6 showing (a) 
oil/brine capillary pressure (b) and pore throat distribution.  
 
The pore throat distributions of the sandstones indicate macro pores. However, the 
pore volume of these samples where such low that two phase experiments and NMR 
response could not be performed. 
5.1.5 End point saturations 
5.1.5.1 Initial water saturation 
The initial water saturation (table 5.12) was measured on Sandpack LV-60 using the 
mass and volume balance techniques. The mean initial water saturation was 27.0% 
(± 0.2%). 
 
Table  5.12  Measured initial water saturation for Sandpack LV-60 using mass and 
volume balance. 
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5.1.5.2 Residual oil saturation 
The residual oil saturation (Table 5.13) was measured on Sandpack LV-60 using the 
mass and volume balance techniques. The measured mean residual oil saturation 
was 13.0% (± 0.4%). 
 
Table  5.13  Measured residual oil saturation for Sandpack LV-60 using mass and 
volume balance. 
 
5.1.6 Nuclear magnetic resonance 
NMR measurements were conducted on four sandpacks, two of each sandpacks (LV-
60 X/Y and F-42 X/Y), to obtain reproducibility. 
 
Sandpack LV60 
The experimental results shown in Figures 5.4 and 5.5 demonstrate reproducibility 
between different packs of the same sand. 
 
Figure  5.4  (a) The experimental magnetization decay of two samples (LV60X and 
LV60Y) of the LV60 sand packs. (b) The inverted T2 distribution of the 
magnetization decays in (a). 
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Sandpack F-42 
 
Figure  5.5  (a) The experimental magnetization decay of two samples (F42X and 
F42Y) of the F42 sandpacks. (b) The inverted T2 distribution of the 
magnetization decays in (a). 
 
The magnetization of LV-60 decays faster than F-42 and hence the mean transverse 
relaxation time, T2 for F-42 is higher than that of LV-60. 
 
The chemical compositions of the sands are similar (almost pure quartz); the 
difference in their magnetization decays arises from their different pore size 
distributions: the faster decay of the LV-60 sand implies smaller pores – this is 
consistent with the smaller grain size distribution as shown in figure 5.6. 
 
In the T2 distributions, frequency is plotted against T2 values. The differences 
between the magnetization decays of LV-60 and F-42 sandpacks are as a result of 
their grain shapes and sizes which are responsible for their different pore size 
distributions. The micro-CT images shown in figure 5.7 indicate that the grains of the 
F-42 sands are larger, more spherical and have smooth surfaces than those of LV-60. 
The grains of the LV-60 sandpack on the other hand, have rough surfaces with a 
wider variation of sizes, as shown by the grain size distributions in figure 5.6. 
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Figure  5.6  Grain size distributions of the F42 and LV60 sand packs. 
 
5.1.7 Pore scale simulation 
The experimental results served as a benchmark for validating pore scale simulation 
which was performed by my colleague Olumide Talabi [124, 126]. The capability of 
the random walk method to simulate magnetization decay in complex pore 
geometries has enabled the pore scale simulation of NMR response in discretized 
images of reservoir rocks. Simulation of magnetization decay using the random walk 
method is significant when surface relaxation mechanism is dominant because the 
random walk simulation method only simulates the surface relaxation mechanism of 
the NMR response. 
5.1.8 Micro-CT images 
In order to ensure the consistency of the simulation results, six small sand pack 
samples, three for each of sand pack type, F-42A, F-42B and F-42C for the F-42 
sandpack and LV-60A, LV-60B and LV-60C for LV-60 sandpack were made for micro-
CT imaging as shown in figure 5.7. The samples are 6.5x10-3 m in diameter and 0.04 
m in length. They were packed in a similar manner as the plugs used in the NMR 
experiments; analysis of the resultant images (see below) confirms that they have 
similar porosity as the plugs used in the experiments. The micro-CT imaging was 
performed on a commercial XMT unit (Phoenix—X-ray Systems and Services GmbH). 
Scanned images of 750×750×450 voxels, with resolutions ranging between 8 μm and 
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10 μm were collected for each sample with the images cropped digitally to remove 
the edge artefacts. 
 
Figure  5.7  3D micro-CT sections of (a) LV60A, (b) LV60B, (c) LV60C, (d) F42A, (e) 
F42B and (f) F42C. 
 
5.1.9 Comparison of experimental results with pore scale 
modelling for sandpacks. 
NMR Simulations were performed on the six micro-CT images, F-42A, F-42B and F-
42C for the F-42 sandpack and LV-60A, LV-60B and LV-60C for LV-60. Simulations 
were also performed on networks extracted from these images. The networks were 
extracted from the micro-CT images by using a maximal ball algorithm [127-129]. 
Figure 5.8 shows example images and networks for the two sands. The micro-CT 
images and extracted networks cover a rock volume of 33 mm3. Table 5.14 shows 
the resolution, voxel size, porosity, total grain surface area per unit volume of each 
micro-CT image. 
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Table  5.14  Micro-CT images and extracted networks’ properties 
 
Table 5.14 also shows the number of network elements (pores and throats) and 
coordination number of the networks extracted from each micro-CT image. The 
porosity of the packs inferred from the images is similar to that obtained by direct 
measurement on larger packs, although we tend to under-estimate the porosity of 
the F-42 sand (33% from the images as opposed to 37% measured directly.) 
 
 
Figure  5.8  (a) Sections of the micro-CT image of LV60A sand pack and (b) F42A sand 
pack. The resolution of both images is 10μm, (the dark areas are the 
pore spaces and the white represent grains). (c) Equivalent network 
extracted from LV60A. (d) Network extracted from F42A. 
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5.1.9.1 Magnetization Spectrum 
Sandpack LV-60 
The experimental data were compared with the simulated magnetization decays and 
T2 distributions of the LV-60 samples, (LV-60A, LV-60B and LV-60C) as shown in 
Figures 5.9, 5.10 and 5.11. 
 
 
Figure  5.9  (a) Comparison of the experimental magnetization decay of LV60Y with 
the micro-CT image and extracted network for LV60A. (b) Comparison 
of the inverted T2 distributions from the magnetization decays in (a). 
 
 
Figure  5.10  (a) Comparison of the experimental magnetization decay of LV60Y 
with the micro-CT image and extracted network for LV60B. (b) 
Comparison of the inverted T2 distributions from the magnetization 
decays in (a). 
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Figure  5.11  (a) Comparison of the experimental magnetization decay of LV60Y 
with the micro-CT image and extracted network for LV60C. (b) 
Comparison of the inverted T2 distributions from the magnetization 
decays in (a). 
 
The magnetization of the networks representing LV-60B and LV-60C decay slightly 
faster than the network from LV-60A; this is as a result of an increase in the number 
of network elements extracted from their respective micro-CT images. These results 
again suggest that we under-estimate the mean-free-path of a random walker in the 
networks. The main peak is narrower for all the networks than the experiment and 
micro-CT images, implying that some features of full ranges of pore sizes and shape 
are lost in the extraction algorithm. Overall though, the agreement between 
experiment, simulation on the images and simulation on equivalent networks is 
good. 
 
Sandpack F-42 
The experimental data of F-42 were compared with the simulated magnetization 
decays and T2 distributions of the F-42 samples (F-42A, F-42B and F-42C) as shown in 
Figures 5.12, 5.13 and 5.14. 
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Figure  5.12  (a) Comparison of the experimental magnetization decay of F42Y with 
the micro-CT image and extracted network for F42A. (b) Comparison 
of the inverted T2 distributions from the magnetization decays in (a). 
 
 
Figure  5.13  (a) Comparison of the experimental magnetization decay of F42Y with 
the micro-CT image and extracted network for F42B. (b) Comparison 
of the inverted T2 distributions from the magnetization decays in (a). 
 
 
Figure  5.14  (a) Comparison of the experimental magnetization decay of F42Y with 
the micro-CT image and extracted network for F42C. (b) Comparison 
of the inverted T2 distributions from the magnetization decays in (a). 
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In all cases there is good agreement between the experimental measurement and 
the simulations on the micro-CT image and the network. However in the F-42C 
sample, the network results tend to give a more rapid decay, indicating a lower 
estimated average pore size. This is due to the more constricted diffusion in slit-like 
triangular elements that allows a low mean-free-path before encountering the grain. 
5.1.9.2 Comparisons of other single-phase properties in sandpacks 
Experimental permeabilities and formation factors were compared with those of the 
networks [88, 130] and the micro-CT images [131, 132]. The mean transverse 
relaxation times T2lm for the micro-CT images, networks and experimental data were 
computed. Table 5.15 shows the comparisons of experimental, image and network 
estimates of mean T2, permeability and formation factor. 
 
Table  5.15  Comparison of experimental data with simulation results 
 
The LV-60 sandpacks have a much higher surface area and a smaller grain size 
distribution than the F-42 sandpacks, leading to more pores and throats per unit 
volume, a faster magnetization decay (lower T2) and lower permeability. The 
predictions of permeability are good, although the permeability of the F-42 pack is 
slightly over-estimated, while that of the LV-60 sand is under-estimated. 
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5.2 Carbonates 
Carbonates are the focus of this research. In this study, a full suite of experimental 
measurements on carbonates were performed to evaluate the effects of wettability 
on hydrocarbon displacements. 
Simulated formation brine 
The density of the simulated brine is measured at different temperature values. 
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Figure  5.15  Simulated formation water density measurements at different 
temperatures performed in the lab to correct for temperature 
changes. 
 
The resistivity of the brine was also measured at different temperatures as shown in 
figure 5.16. 
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Figure  5.16  Resistivity measurements at different temperatures. 
 
Density decreases with temperature, as the fluid expands, as resisitivity decreases as 
the electrons become more mobile, allowing more current. 
5.2.1 Conventional core analysis measurements 
Five samples 0.037 m in diameter were 100% saturated with brine, after cleaning 
and drying, for conducting the experiments. 
 
Plug BV PV GV Length Diameter
No. cc cc cc cm cm
1 70.81 22.65 48.15 5.49 3.74
2 65.54 18.00 47.53 5.03 3.76
3 72.01 21.30 50.71 5.77 3.69
4 73.97 19.73 54.24 5.95 3.79
5 76.36 17.22 59.13 6.65 3.83  
Table  5.16  Measurements of bulk volume, pore volume, length and diameter of the 
carbonate samples  
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Table  5.17  Grain density, helium porosity and gas permeability measured on the 
carbonate samples. 
 
Conventional data gives good correlation between porosity and permeability on the 
tested plug samples (i.e. permeability increases with porosity). 
 
Figure  5.17  Porosity-permeability correlation for the five-carbonate samples. 
 
5.2.2 Mercury injection capillary pressure 
As described before, the mercury injection experiments were performed with a 
maximum intrusion pressure of 400 MPa on trims from the samples. Pore throat size 
distribution and capillary pressure curves were generated for each sample. 
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Figure 5.18 shows good consistency between the basic petrophysical properties 
derived both from conventional core analysis (CCA) and from mercury injection 
capillary pressure (MICP) results. 
 
Figure  5.18  Permeability vs. porosity for the carbonate samples from gas and 
MICP measurements show consistent results. 
 
Excellent comparison data was obtained from porosity measurements using different 
techniques: conventional analysis on plugs, mercury analysis on corresponding end 
trims and NMR on saturated plugs (table 5.19). Such a similarity in the measured 
data gives strong confidence in the obtained results as well as in the conducted 
methodology. This, in turn, allows the employment of all these three techniques in 
the interpretation of SCAL data. 
 
Sample No. 1 
 
Figure  5.19  Mercury injection data on Middle East plug 1 showing (a) drainage 
capillary pressure and (b) pore throat distribution. 
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Sample No. 2 
 
Figure  5.20  Mercury injection data on Middle East plug 2 showing (a) drainage 
capillary pressure and (b) pore throat distribution. 
 
Sample No. 3 
 
Figure  5.21  Mercury injection data on Middle East plug 3 showing (a) drainage 
capillary pressure and (b) pore throat distribution. 
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Sample No. 4 
 
Figure  5.22  Mercury injection data on Middle East plug 4 showing (a) drainage 
capillary pressure and (b) pore throat distribution. 
 
Sample No. 5 
 
Figure  5.23  Mercury injection data on Middle East plug 5 showing (a) drainage 
capillary pressure and (b) pore throat distribution. 
 
Figures 5.19 – 5.23 show the measured drainage capillary pressure and inferred 
throat size distribution from these curves. Note that most of the throat diameters 
are around 1 µm. 
5.2.3 Nuclear magnetic resonance 
NMR was conducted on samples 100% saturated with brine after cleaning them 
thoroughly to ensure water-wet condition. 
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Sample 1 
 
Figure  5.24  NMR T2 distribution for sample 1. 
 
Sample 2 
 
Figure  5.25  NMR T2 distribution for sample 2. 
 
Sample 3 
 
Figure  5.26  NMR T2 distribution for sample 3. 
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Sample 4 
 
Figure  5.27  NMR T2 distribution for sample 4. 
 
Sample 5 
 
Figure  5.28  NMR T2 distribution for sample 5. 
 
The values of porosity from helium, MICP and NMR were compared and showed 
good reproducibility (cf. calculation method in section 4.5.3.2). 
 
Table  5.18  Summary table of core and NMR analysis results. 
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Figure  5.29  NMR-derived porosity estimation as a function of measured helium 
porosity. 
 
As expected there is a positive correlation between permeability and saturated 
mean T2 values: the higher the permeability the higher the mean T2 value. 
 
Figure  5.30  Gas permeability vs. mean T2 of saturated samples indicating that the 
higher the permeability the higher the mean T2 value. 
 
The T2 distribution, obtained from rocks saturated with a single fluid phase reflects 
the pore-size distribution of the rocks. The pore-size is estimated as the ratio 
between its surface area and volume [133]. 
 
v
s
T 22
1 ρ=           5.1 
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where: 
  T2 = relaxation time 
  ρ2 = surface relaxivity parameter and includes all material constants. 
  s = surface area of the pore 
  v = volume of the pore 
 
NMR measures the fluid within the sample, whereas helium porosity is a measure of 
the pore space. Therefore the measured NMR porosity and helium porosity may be 
different, in particular for samples containing isolated pores, clays and bitumens or 
asphaltenes. The NMR porosity is calculated using the brine saturated T2 data, table 
5.19, from the total amplitude of the signal. Figure 5.29 shows the relationship 
between NMR porosity and helium porosity: the good agreement indicates that the 
samples do not contain isolated pores. 
 
It is interesting to note that there is a good correlation between permeability and 
mean T2 values, figure 5.30. This correlation indicates that larger average pore sizes 
(larger T2) leads to a higher permeability. 
5.2.4 Comparison of T2 distribution and mercury injection 
derived pore size distributions 
A comparison of mercury injection pore size distributions and saturated sample T2 
distributions can help to evaluate the pore network. Comparisons of mercury 
injection derived pore size distribution were performed using a scaling factor. The 
scaling factor has the unit microns/millisecond. The scaling factor can be used to 
convert T2 times to pore diameter. The comparison is optimized by changing the 
scaling factor to obtain the best match between the mercury injection and T2 
distribution curves (table 5.18).  
 
The results in figures 5.31 – 5.35 indicate that most pores have diameter around 1 
µm. The capillary pressure indicates smaller pores and overall a wider distribution of 
pore size. Capillary pressure is a more direct indicator of pore size, since the invading 
mercury penetrates pores of different size as the pressure is increased, while the T2 
distribution simply looks at the overall surface relaxation of the whole sample. 
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Sample 1 
 
Figure  5.31  Comparison of T2 distribution and mercury injection derived pore size 
distributions for sample 1. 
 
Sample 2 
 
Figure  5.32  Comparison of T2 distribution and mercury injection derived pore size 
distributions for sample 2. 
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Sample 3  
 
Figure  5.33  Comparison of T2 distribution and mercury injection derived pore size 
distributions for sample 3. 
 
Sample 4 
 
Figure  5.34  Comparison of T2 distribution and mercury injection derived pore size 
distributions for sample 4. 
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Sample 5 
 
Figure  5.35  Comparison of T2 distribution and mercury injection derived pore size 
distributions for sample 5. 
 
5.2.5 Formation resistivity factor 
The results presented in figures 5.36 - 5.40 and tables 5.19 – 5.24 can be summarised 
as follows: 
• Porosity was reduced with a factor of 0.986 when overburden pressure was 
increased from 2 to 18 MPa. 
• Cementation factor increased from 1.95 to 1.97 when the overburden 
pressure was increased from 2 to 18 MPa. 
• The formation resistivity factor decreases with an increase in permeability. 
 
Formation resistivity factor data has been quality checked by plotting FOO versus 
confining stress. FOO here stands for Fraction of Original for (FRF, Porosity and 
cementation factor m). Those plots confirm that there is a slight decrease in porosity 
with a corresponding increase in resisitivity as the confining pressure is increased. 
 
Variation of FRF with permeability was also checked by plotting FRF versus 
permeability (Figure 5.41). As expected, FRF decreased with increasing permeability. 
This can be explained by the fact that higher permeability means bigger pore throat 
sizes and hence bigger channels and less restriction to the eclectic flow (giving lower 
FRF).  
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Sample 1 
Confining pressure
Pa (frac.) F.O.O. FRF F.O.O. m F.O.O.
2.00E+06 0.3037 1.000 10.71 1.000 1.99 1.000
1.20E+07 0.2939 0.968 11.59 1.082 2.00 1.006
1.83E+07 0.2879 0.948 12.10 1.130 2.00 1.007
Formation factor Cementation factorPorosity
 
Table  5.19  Reduction in pore volume, FRF and cementation exponent, m, were 
measured at different confining pressures in a stepwise fashion for 
sample 1. 
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Figure  5.36  Confining pressure measurements at 10 kHz for sample 1. 
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Sample 2 
Confining pressure
Pa (frac.) F.O.O. FRF F.O.O. m F.O.O.
2.00E+06 0.2628 1.000 13.78 1.000 1.96 1.000
1.20E+07 0.2572 0.979 14.87 1.079 1.99 1.013
1.83E+07 0.2539 0.966 15.44 1.121 1.99 1.014
Formation factor Cementation factorPorosity
 
Table  5.20  Reduction in pore volume, FRF and cementation exponent, m, were 
measured at different confining pressures in a stepwise fashion for 
sample 2. 
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Figure  5.37  Confining pressure measurements at 10 kHz for sample 2. 
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Sample 3 
Confining pressure
Pa (frac.) F.O.O. FRF F.O.O. m F.O.O.
2.00E+06 0.285 1.000 10.73 1.000 1.89 1.000
1.20E+07 0.276 0.968 11.61 1.082 1.91 1.008
1.83E+07 0.271 0.948 12.12 1.129 1.91 1.007
Formation factor Cementation factorPorosity
 
Table  5.21  Reduction in pore volume, FRF and cementation exponent, m, were 
measured at different confining pressures in a stepwise fashion for 
sample 3. 
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Figure  5.38  Confining pressure measurements at 10 kHz for sample 3. 
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Sample No. 4 
Confining pressure
Pa (frac.) F.O.O. FRF F.O.O. m F.O.O.
2.00E+06 0.267 1.000 14.73 1.000 2.04 1.000
1.20E+07 0.265 0.995 15.19 1.031 2.05 1.007
1.83E+07 0.263 0.987 15.34 1.041 2.05 1.006
Formation factor Cementation factorPorosity
 
Table  5.22  Reduction in pore volume, FRF and cementation exponent, m, were 
measured at different confining pressures in a stepwise fashion for 
sample 4. 
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Figure  5.39  Confining pressure measurements at 10 kHz for sample 4. 
 
 
 
 
 
 
 
 
151  
Sample 5 
Confining pressure
Pa (frac.) F.O.O. FRF F.O.O. m F.O.O.
2.00E+06 0.2256 1.000 16.94 1.000 1.90 1.000
1.20E+07 0.2231 0.989 17.97 1.061 1.93 1.013
1.83E+07 0.2221 0.985 18.27 1.079 1.93 1.016
Porosity Formation factor Cementation factor
 
Table  5.23  Reduction in pore volume, FRF and cementation exponent, m, were 
measured at different confining pressures in a stepwise fashion for 
sample 5. 
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Figure  5.40  Confining pressure measurements at 10 kHz for sample 5. 
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Figure  5.41  Gas permeability vs. formation resistivity factor at net overburden 
pressure. 
 
5.2.6 Capillary pressure and resistivity index 
The capillary pressure and resistivity index experiments were performed on Middle 
East carbonates: cleaned (called water-wet although – as we show later – the 
samples are not strongly water-wet) samples 5 and sample 4 that had been aged 
(which for convenience we call oil-wet, although – as we show later – the samples 
show mixed or intermediate-wet charactersitics). Measurements on similar samples 
(evident from mercury pore throat, NMR T2 distribution and conventional core 
analysis) for aged and cleaned states allowed us to study the effect of wettability on 
capillary pressure and resistivity index.  
5.2.6.1 Primary Drainage 
There is reasonable agreement between the primary drainage capillary pressure 
obtained using mercury injection on an end trim and the oil/water primary drainage 
curve obtained by porous plate on the plug samples. 
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5.2.6.2 Spontaneous imbibition 
Figures 5.42 and 5.43 show the measured resistivity indices and capillary pressure 
for spontaneous imbibition for the cleaned and aged samples. As expected the 
cleaned sample shows a significant degree of spontaneous imbibition. This implies 
that the cleaning process renders a significant fraction of the pore space water-wet. 
In contrast there is only a limited amount of imbibition for the aged sample. 
However, there is a saturation change of around 5% in this case, which demonstrates 
that the pore space is not uniformly oil-wet, but contains connected water-wet 
regions. This suggests that the aged sample has mixed-wet characteristics where 
some regions of the pore space remain water-wet even after ageing. 
 
The resistivity indices of the two samples are similar, which is surprising; the only 
significant difference is at low water saturation where the aged sample has a higher 
resistivity. During ageing, oil initiates the collapse of wetting films of water, reducing 
the connectivity of the water and increasing resisitivity. There is only a significant 
drop in resistivity once the water saturation is sufficiently high to allow the water to 
reconnect; in contrast in a water-wet medium, layer and film conductance allows the 
water to remain connected at lower saturation. This behaviour has been discussed 
quantitatively with application to oil-wet carbonates by Montaron [134]. The 
surprising observation is that for these samples, the difference in resisitivity index is 
rather modest after ageing, with the exponent n changing from only 1.82 (a value 
typical for water-wet systems) to 1.87, while values as high as 10 or more have been 
observed for oil-wet samples. This again suggests that the wettability alteration 
induced in these samples is rather modest, with significant connectivity remaining in 
water-wet regions of the pore space. 
5.2.6.3 Forced water injection 
Figures 5.42 and 5.43 also show the capillary pressure and resisitivity index during 
forced water injection, when the capillary pressure is negative. Both samples show 
significant displacement when the water pressure exceeds the oil pressure – this 
implies that a significant fraction of the pore space is intermediate to oil-wet. The 
cleaned sample shows more negative capillary pressures at the same saturation and 
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higher residual oil saturation. A fuller discussion of the results is provided in the next 
section. 
 
 
Figure  5.42  Comparison between the capillary pressure curves for the aged and 
cleaned systems, samples 4 and 5 respectively, using the porous plate 
technique. 
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Figure  5.43  Comparison of the resistivity indices for the aged and cleaned 
systems, samples 4 and 5 respectively, using the porous plate 
technique. 
 
5.2.7 The influence on wettability on capillary pressure and 
resistivity index 
Figures 5.42 and 5.43 show the measured capillary pressure and resisitivity indices 
for the full saturation range for drainage and water injection. For primary drainage 
the capillary pressure curves are similar and comparable to that measured using 
mercury injection. The irreducible water saturation for these samples is very low – 
only around 5%. For the cleaned sample 5, approximately half the water 
displacement is spontaneous, with a positive capillary pressure, while half required 
forced injection with a residual oil saturation of around 25%. This indicates that the 
samples are not strongly water-wet but display intermediate or mixed-wet 
characteristics, even when cleaned. The aged sample 4 shows a small amount of 
spontaneous displacement of oil by water – around 5% – which may indicate some 
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pores that remain water-wet despite ageing. However, most recovery occurs during 
forced displacement. Most recovery is achieved for capillary pressures close to zero, 
indicating that much of the pore space is neutrally-wet with effective contact angles 
close to 90o. This is evidently not a uniformly and strongly oil-wet sample. The 
residual oil saturation – around 20% – is lower than for the water-wet system, as 
seen in other aged samples; this is likely to be due to the slow drainage of oil layers 
in oil-wet portions of the pore space [49, 113, 135]. 
 
Numerous previous workers have reported that the log-log plot of resistivity index 
versus saturation does not always yield a straight line [136, 137]. This variation of 
saturation exponent has been attributed to wettability variation throughout the pore 
space, shaliness and microporosity. For clay-free samples, particularly those with 
multi-modal pore size distributions, microporosity seems to be the main cause of 
non-linear resistivity-saturation relationships [138]. Swanson [45] found that the 
resistivity-saturation plot changed slope at saturation point where the corresponding 
capillary pressure curve indicated a transition from intergranular porosity to 
microporosity.  
 
It is interesting to note that most of the studies that reported immense change in the 
n values (n > 10) as wettability changes, were performed on sandstones treated 
chemically to render pore surface oil wet [139]. Such studies also depended on 
saturation equilibrium rather than resistivity equilibrium. It was also noted that 
previous studies used two electrodes to measure the resistivity.  
 
Recent studies have indicated a modest or no change in the saturation exponent 
value as wettability changes [65, 140]. In this work resistivity equilibrium was 
attained, which is inherently time consuming, but also allows the resistivity to settle. 
In this study, a surprising result is that the resistivity indices of the cleaned and aged 
systems are similar. This indicates that perhaps the electrical properties are 
dominated by porosity that remains water-wet or at least neutrally-wet – the 
capillary pressure curve for the aged sample, showing some spontaneous imbibition 
and displacement at a low capillary pressure would support this conclusion. 
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The prudent application of special core analysis (e.g. capillary pressure and resistivity 
index data from aged and cleaned samples) offers the potential for more accurate 
evaluation of reservoir wettability. It should be noted that factors determining fluid 
distribution within the pore space are numerous and one should avoid the use of 
oversimplified ‘rules of thumb’ to deduce wettability and reservoir performance. 
5.2.8 Relative Permeability 
5.2.8.1 The influence of wettability on relative permeability 
Figure 5.44 compares the steady-state relative permeabilities for the cleaned and 
then aged sample 1. As expected, after aging, the oil relative permeability at the 
same saturation is lower than for a cleaned sample: in water-wet media, oil occupies 
the larger pore spaces, while in oil-wet systems it preferentially occupies smaller 
pores or layers with low conductivity. The water relative permeability is larger, since, 
in oil-wet media, the water displaces oil from the larger pore spaces. The residual oil 
saturation for the water-wet case is 0.23, which is slightly lower than that suggested 
by the capillary pressure measurements. The end-point water relative permeability – 
0.32 – is quite high, indicating that the system is not strongly water-wet, as discussed 
previously. For the aged system, the steady-state technique was unable to probe the 
regime where the oil relative permeability is very low, giving an apparent residual of 
0.5: in reality oil will continue to flow down to much lower saturation through the 
slow drainage of layers. In many steady state experiments, where wettability is 
restored, bump flooding is usually used to flow down the sample to lower saturation. 
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Figure  5.44  Steady-state relative permeability curves for the cleaned and aged 
sample 1. 
 
5.2.9 The influence of wettability on hydrocarbon recovery 
Capillary pressure and relative permeability have been measured in cleaned and 
aged carbonate cores. NMR and mercury injection capillary pressure measurements 
gave consistent estimates of the pore size distribution. The cleaned cores appeared 
to be weakly water-wet, with approximately half the waterflood recovery achieved 
by forced displacement. The aged samples behaved in a manner consistent with an 
oil-wet system, although there was some displacement by spontaneous imbibition 
and considerable displacement at a very low capillary pressure. The resistivity indices 
showed little difference between cleaned and aged samples, indicating that the 
conductance is dominated by water in water-wet or neutrally-wet pores. This 
suggests that resistivity alone is not a good indicator of wettability. The cleaned 
samples gave relative permeabilities also consistent with a weakly water-wet system, 
while the aged core has higher water and lower oil relative permeabilities indicating 
an oil-wet rock. 
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The study has indicated that the Middle Eastern carbonates are not always strongly 
or uniformly oil-wet as was thought of until now, but rather have mixed- to neutral 
wettability. These findings are of high significance as it will have a huge impact on 
the recovery mechanism in these reservoirs as well as on the saturation calculations; 
changes in saturation exponent, n, will have a significance effect on estimates of 
hydrocarbon volume in place. Other studies [141, 142] carried out on carbonate 
samples from this region have also indicated similar wettability results. 
 
We also believe that these core samples represent a major part of the carbonate 
reservoir rocks in the Middle East and therefore the study points out the need for a 
relook into the wettabilty of Middle Eastern carbonates and its influence on the 
petrophysical properties. 
 
It should be noted that factors determining fluid distribution within the pore space 
are numerous and one should avoid the use of oversimplified ‘rules of thumb’ to 
deduce wettability and reservoir performance. 
To conclude this section, we present just one example of why these results are 
significant. The carbonate reservoir from which the core samples are taken – like 
most other reservoirs in the region – are fractured. As a consequence, the main flow 
paths are through the fracture network, while the vast majority of the oil in place is 
in the matrix (the normal rock fabric studied in this thesis). How is the oil displaced 
from the matrix? During primary production, when the reservoir pressure drops, 
fluid expansion may be sufficient to allow some recovery. Below the bubble point, 
when gas comes out of solution, the expansion of this gas allows further recovery. 
However, once the gas is connected in the pore space, it flows preferentially to oil, 
and subsequent oil production is modest. Therefore, the normal practice is to inject 
water and/or gas to displace the oil. Now, if the system is oil-wet, injecting water, 
which will flow along the fractures, will only displace the very low fraction of the oil 
in place that is in the fractures; there will be no displacement from the matrix, since 
the water needs to force its way into the pore space at a negative capillary pressure 
to displace oil. Since the rock is extensively fractured, viscous and/or buoyancy 
pressure differences across a matrix block are unlikely to be sufficient to allow the 
water to penetrate the matrix. This is the conventional wisdom, which consequently 
favours gas injection. With gas, the capillary entry pressure is lower and the pressure 
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difference due to density differences is larger, allowing easier displacement. 
However, gas is itself an increasingly valuable commodity in its own right, used to 
provide power to a rapidly growing population in the Middle East, as well as 
providing an export market through liquefied natural gas or gas-to-liquids. Our 
results make a modest contribution to this debate, suggesting that, perhaps, some 
oil could be recovered through spontaneous imbibition from fracture to matrix. 
Furthermore, the significant displacement occurring at very low capillary pressure 
could allow rather favourable recovery using the right balance of viscous and 
buoyancy forces to force the water into the matrix. 
 
As an example, the capillary pressure shown in figure 5.42 indicates that at least half 
the orginal oil could be displaced locally with a pressure difference between oil and 
water of around 10 kPa.  With a density difference between oil and brine of around 
200 kg/m3, this corresponds, approximately, to a matrix block height of 5 m: if the 
block were as high as this there would be sufficient pressure to displace 
approximately half the oil from the matrix. Now, exactly how much could be 
recovered in a field setting and the rates at which this could occur requires a detailed 
simulation study of a field of interest and is beyond the scope of this thesis, but the 
capillary pressure and relative permeability measurements provide the starting point 
for such a study. 
 
5.2.10 Comparison of the experimental capillary pressures and 
NMR response with simulation results. 
The methods used in simulating NMR response in the sandpack section were applied 
to carbonates by my colleague Olumide Talabi. Carbonates often have bimodal pore 
size distributions (micro-pores and macro-pores), with micro pores having sizes in 
sub-micron range. Micro-CT scans with resolutions of a few microns cannot capture 
the features of these micro pores. In order to overcome this limitation, multiple 
point statistics have been used to reconstruct 3D images of carbonates from 2D thin 
section images [143, 144]. The challenge in pore scale modelling of carbonates lies in 
extracting a suitable network that is topologically identical to the parent sample. 
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However, predictions of transport properties such as permeability, formation factor, 
relative permeability and capillary pressures have been made on networks extracted 
from the reconstructed 3D images of carbonates using a maximal ball algorithm 
[127]. An alternative to generating networks without an underlying microstructure is 
by tuning the properties of a known network to generate simulated capillary 
pressures that matches the measured data [90]. 
 
NMR and mercury injection capillary pressure measurements were performed on 
two carbonate core samples (samples 2 and 3). Since we do not have good-quality 
images of the carbonate sample, the properties of a Berea sandstone network were 
tuned to match the mercury injection capillary pressure data as shown in figures 
5.45 and 5.47. The diffusion coefficient and the bulk relaxation time of brine used in 
the NMR simulation were taken from standard values in the literature. 
 
Sample 2 
 
Figure  5.45  Comparison of the measured capillary pressure curve for carbonate 
sample 2 with simulation results from the tuned network. 
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Figure  5.46  (a) Comparison of the measured magnetization for sample 2 with 
simulation results from the tuned network. (b) The inverted T2 
distributions from the magnetization decays. 
 
The surface relaxivity used was also selected to match the experimental data, 
surface relaxivity values of 2.8 μm/s and 2.1 μm/s were used for sample 2 and 
sample 3 plugs respectively. 
 
Sample 3 
 
Figure  5.47  Comparison of the measured capillary pressure curve for sample 3 
with simulation results from the tuned network. 
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Figure  5.48  (a) Comparison of the measured magnetization for sample 3 with 
simulation results from the tuned network. (b) The inverted T2 
distributions from the magnetization decays. 
 
The magnetization decays of the networks and experimental data of these two 
carbonates are consistent with each other as shown in figures 5.46a and 5.48a. The 
differences in their T2 distributions shown in figures 5.46b and 5.48b are also as a 
result of the topological difference between the network and these carbonate cores.  
Since the original network was extracted from a Berea sandstone microstructure, 
tuning this network to match the capillary pressure data of another core would 
result in slight differences with comparison to experimental data. 
 
The network simulation predicts a slower decay at late time, representing the 
response from large pores in the sandstone-derived network; in contrast the 
carbonate cores have many small pores and less evidence of long relaxation times. 
 
This study is simply the first step in using our results as an experimental benchmark 
to test and validate pore-to-core modelling studies. 
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Chapter 6  
 
Results and discussion: the efficiency of CO2 
injection in carbonate samples 
CO2 injection is considered to be one of the most promising enhanced oil recovery 
(EOR) techniques for light and medium oils because it not only effectively enhances 
oil recovery due to dissolution of CO2 into the crude oil but also considerably reduces 
greenhouse gas emissions by sequestrating CO2 especially in a case where water 
would not flow due to low permeability. 
 
The prime recovery mechanism currently applied in the giant Middle Eastern oil field 
studied in this chapter is water flooding. Field data shows that injected water tends 
to travel quickly through the upper zone along the high permeability layers. The 
injected water cross-flow from the upper to the lower zone occurs only in the vicinity 
of the producers due to pressure draw down. 
 
This phenomenon leaves behind most of the oil in the low permeability lower zone. 
Therefore, it is of prime importance to seek ways to better understand the physics of 
the displacement processes and identify potential recovery processes to improve oil 
recovery from this kind of reservoirs. This study will focus on EOR techniques to 
improve the recovery in highly heterogeneous reservoirs. We report the results of 
experimental displacement study that was undertaken with the objective to 
compare different EOR techniques including water flooding, gas injection, WAG and 
CO2 injection. 
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6.1 Preliminary experiments 
6.1.1 Composite sample characterization 
Reservoir condition core flooding tests used a composite, 0.5 m long and 
approximately 0.037 m in diameter, core plug. These plugs had been cleaned using 
solvent. The porosities of the plugs were measured and were in the range of 30%. 
Then, the plugs were degassed, brine saturated and absolute permeability 
measured. 
 
Table  6.1  Conventional analysis of the carbonates cores used for the CO2 study. 
 
6.1.2 Mercury injection capillary pressure 
Nine samples were selected for parallel mercury injection capillary pressure and pore 
sizes distribution analysis and thin section petrography, allowing for injection profile 
and pore throat distribution to be related to rock types. 
 
The samples exhibit a dual (bimodal) pore system comprising: (i) primary 
intergranular macroporosity and (ii) intercrystalline microporosity associated with 
the lime mud matrix. 
 
These samples exhibit similar behaviour in their inferred pore throat radius 
distribution profile that indicates that these samples are a distinctive rock type 
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(figure 6.1). This rock type is composed of a range of pore throat sizes including 
average macro-pores (37%), mesopores (27%), and micropores (36%). The 
macropores are connected and related to the intergranular porosity, while the 
mesopores are related to the moldic and intercrystalline porosity. The permeability 
values for these samples have been enhanced by the presence of connected 
macropores. 
 
Figure  6.1  Mercury injection data on samples 1-9 (except 8) showing pore throat 
distribution. 
 
6.1.3 Establishing initial water saturation and ageing 
Initially 0.5 MPa capillary pressure was applied to the samples using the porous plate 
method. This application of pressure resulted in average initial water saturation 
values of 0.14 for the core plugs.  
 
Each plug was de-saturated using laboratory oil (Isopar-L) by applying a constant 
capillary pressure of 0.5 MPa. The composite sample was raised to 120°C and a pore 
pressure of 20 MPa. Laboratory oil was displaced from the core with decalin, to 
avoid precipitation of asphaltene, followed by crude oil. The composite was aged in 
reservoir oil for four weeks. 
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6.2 Waterflooding 
Brine was injected at a constant rate of 4 mL/h. The recovery of oil was measured 
after 2 PV of water injection for all tertiary gas injections. The initial oil saturations 
for the three vertical secondary water floods were approximately 0.86. Break-
through was observed at 0.3 PV injected for all three floods. The post break-through 
oil drainage characteristics were very similar. All secondary water floods were 
stopped at 2 PV injection with an average oil recovery of 42% HCPV (Figure 6.2). 
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Figure  6.2  Secondary brine injection recovery for the composite core resulted in a 
final recovery of approximately 42%. 
6.3 Tertiary gas flood 
Following the secondary waterflood, hydrocarbon gas injection commenced. The 
composition of the injection gas is shown in Table 6.2. 
 
Table  6.2  Composition of hydrocarbon gas used for tertiary flooding. 
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Two pore volumes of gas was injected after waterflooding, the produced fluid was 
diverted into the high pressure PVT cell. The high pressure samples were 
subsequently flashed in a controlled PVT laboratory and the oil production 
quantified. The resulting gas and oil from the single stage flash were also analyzed 
for composition. 
 
At the commencement of tertiary injection, only brine was produced. Oil production 
commenced after 0.14 PV gas injection for the gas flood. Significant oil recovery was 
measured for the tertiary gas flood, ultimately producing 40% HCPV at the flood 
cessation (2 PV gas injected). The total recovery for the secondary brine flood and 
tertiary gas flood was 82% HCPV. 
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Figure  6.3  Tertiary hydrocarbon gas flood recovery after waterflooding. 
 
6.4 Tertiary WAG flood 
The test parameters for the WAG experiment were the same as those for the gas 
flood. For the WAG process, a volume equivalent to 0.25 PV was injected (starting 
with 0.25 PV gas injection followed by 0.25 PV brine injection). There were four WAG 
cycles giving a total injection of 2 PV (1 PV gas and 1 PV brine). 
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At the commencement of tertiary injection, only brine was produced. Oil production 
commenced after 0.12 PV gas injection for the WAG flood. Significant oil recovery 
was also measured for the tertiary WAG, ultimately producing 38% HCPV at the flood 
cessation (1 PV gas and 1 PV brine injected). The total recovery for the secondary 
brine flood and tertiary gas flood was 80 %HCPV. 
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Figure  6.4  Tertiary WAG injection oil recovery after waterflooding. 
 
6.5 Tertiary CO2 flood 
Following the secondary water flood CO2 injection commenced. The pressure and 
temperature were such that the CO2 was miscible with the oil. 
 
At the commencement of tertiary injection, only brine was produced. Oil production 
commenced after 0.10 PV gas injection for the CO2 flood. 
 
Approximately one pore volume of tertiary CO2 injection effectively removed all of 
the remaining oil saturation (54% HCPV recovery). The total recovery for the 
secondary brine flood and tertiary gas flood was 97%. 
 
170  
0.40
0.50
0.60
0.70
0.80
0.90
1.00
2.0 2.5 3.0 3.5 4.0
Gas Injected (PV)
O
il 
R
ec
o
ve
ry
,
 
HC
PV
 
fra
c.
Injection of 
CO2 stoppedOi
l R
ec
o
ve
ry
,
 
HC
PV
 
fra
c.
 
Figure  6.5  Oil recovery for tertiary CO2 injection after waterflooding. 
 
6.6 Comparison between tertiary gas injection, WAG and 
CO2 flooding 
Figure 6.6 shows a compilation of the results. Gas injection improves recovery 
beyond waterflooding through the displacement of previously trapped oil. There is 
little difference – at the core scale – between WAG and hydrocarbon gas injection. 
For the WAG displacement, brine injection commenced after 0.25 PV gas injection. 
Almost straight away a decline in oil recovery was measured. It appeared that the 
injected brine caused a reciprocal rapid increase in brine production. At the next gas 
injection cycle (0.5 PV injected) brine production stopped almost straight away and 
improved oil recovery resumed. 
 
However, in these processes the gas is not miscible with the oil and some oil is not 
recovered. Miscible CO2 injection removes virtually all the oil from the system. 
 
6.7 Discussion and conclusions 
In this chapter we have studied various enhanced oil recovery options for a second 
giant carbonate field in the Middle East. In this example, at reservoir temperatures 
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and pressures, the oil is miscible with CO2. This leads to a local displacement 
efficiency that is theoretically 100% and – in our experiments – very close to this 
(around 97%). In contrast, natural gas injection is not a miscible process and recovers 
less oil. In all cases though, gas injection recovers additional oil after waterflooding. 
 
This work is a first step towards the assessment of CO2 flooding: while the process 
works well for essentially one-dimensional displacement, the problem in this field is 
the poor sweep of the low permeability lower zone.  Reservoir simulation studies are 
required to assess whether or not injected CO2 is likely to remain in this zone and not 
simply migrate upwards and sweep the upper regions. The unfavourable 
performance of waterflooding suggests that keeping the CO2 in the lower zone will 
be a challenge. 
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Figure  6.6  Comparison of WAG, gas and CO2 injection recoveries. 
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Chapter 7  
 
Conclusions and future work 
This thesis has presented a suite of experimental measurements on different cores.  
The main purpose of these studies and their conclusions are given below: 
 
1. We performed a series of measurements in well-characterized sandpacks 
and sandstones. This helped to establish our experimental procedures 
while providing a simple set of benchmark results against which we could 
challenge pore-scale models. We presented results that showed that 
models based on images of the pore space could indeed make good 
predictions of permeability, capillary pressure, formation factor and NMR 
response. This serves as a valuable first step towards the development of 
such models to predict properties for more complex, reservoir rocks, where 
direct experimental data is scant or unavailable. 
2. We performed a wettability study on a set of cores from a giant Middle 
Eastern field, typical of many producing fields in the region. We found that 
aged samples – which we presume mimic the in situ wettability of the 
reservoir – showed mixed-wet to intermediate-wet characteristics. Some 
recovery could be achieved through spontaneous imbibition with a 
significant displacement possible at a very low negative capillary pressure. 
The relative permeabilities showed significant differences from a cleaned 
sample, with lower oil relative permeability and higher water relative 
permeability, consistent with a change to more oil-wet conditions. In 
contrast, electrical measurements showed rather modest changes in 
resisitivity, indicating that these may not be a particularly illuminating or 
sensitive indicator of reservoir wettability in all cases. The implications of 
this for the design of water injection in a fractured reservoir were explored. 
This result is different from the conventional wisdom – based on 
measurements on American fields with quite heavy oils – that carbonate 
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reservoirs are generally strongly and uniformly oil-wet. Our results suggest 
that this is not always the case, with rather significant implications for 
reservoir management. 
3. We studied enhanced oil recovery in another giant producing field. We 
showed that CO2 injection in this field could produce very favourable local 
displacement efficiencies with significant additional recovery after 
waterflooding. 
 
This thesis presents simply a preliminary study which ample scope for future work. 
 
While the pore-scale modelling results were promising, we did not show 
comparisons of residual saturation: in this case the predictions were poor, indicating 
that current network models do not properly represent water displacement in 
unconsolidated media. This limitation could be overcome through the development 
of methods to simulate displacement directly on a pore-space image, rather than 
relying on the extraction of an equivalent network. Furthermore, the modelling work 
involving the carbonate samples was somewhat limited, and predictions based on 
images of the pore space, rather than on an adjusted sandstone model, are required 
to test the validity of this approach to the prediction of multiphase flow in such 
systems. In addition, the assignment of contact angle to pores to reproduce the 
results shown here has not been performed: this would help strengthen our 
conclusions on the likely wettability state of the aged samples. 
 
For carbonates, our results suggest that waterflooding may indeed be an effective 
recovery process in a fractured medium because of the significant displacement that 
can occur at positive or near-zero capillary pressure. In addition, the recovery rate 
may also be favourable, since the water relative permeability is quite high. However, 
this needs to be further tested through field-scale simulation and comparison with 
field recovery. This involves considerable additional study to represent the fracture 
network and heterogeneity of the reservoir adequately. 
 
We also showed that CO2 flooding could be a effective dispalcemnet process.  
However, as discussed, a numerical model with considerable geological detail is 
required to realistically assess the relative merits of the various injection processes. 
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There is a good chance that the same phenomenon as seen for waterflooding – 
preferential sweep of the high permeability upper zone – will occur when injecting 
CO2 to the lower zone. Therefore, a search for a process that will cause an 
appreciable fraction of the injected gas to find its way to the lower zone is needed. 
There is no force to cause the injected gas to flow from the upper zone to the lower 
zone as it has lower or similar density as oil. Therefore, a method is required that 
confines the injected gas to the lower zone. A possible way of achieving this is by 
keeping the upper zone pressurized by continuous water injection and 
simultaneously injecting gas into the lower zone.  
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